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ABSTRACT 

The technology of cogeneration is reviewed through an examina

tion of the prime movers most commonly used for this purpose in 

industrial and commercial facilities. The systems characteristics 

which are of particular importance to the cogeneration application 

are emphasized along with the advantages and limitations of each. 

A comparative examination of the methods selected for use in 

the evaluation of profitability in cogeneration systems is presented. 

The examination focuses on the interpretation of the projections made 

by each method and their implications for the decision to adopt 

cogeneration. 

A computer simulation model is utilized to perform a sensiti

vity study in order to identify the key variables determining economic 

viability of cogeneration. Employing a gas turbine system as a repre

sentative installation, the variables used in the sensitivity study 

are presented alung with the justification for the assignment of the 

baseline and study range values. 

A simplified method for analyzing the profitability of cogen

eration systems is developed. The technique is specifically tailored 

to gas turbine based cogeneration which is the technology most commonly 

proposed for moderate size facilities. The significance of the 

incremental energy consumption factor as a determinant of profitability 

xvi 



xvii 

is investigated. The application of the simplified method for compara

tive studies of different gas turbine systems is described and the 

results compared to projections made by the simulation model. Finally, 

the simplified method is utilized to examine the implications of 

regional fuel price differences and the implications of natural gas 

price deregulation on the profitability of gas turbine cogeneration. 



CHAPTER 1 

INTRODUCTION 

A reality of the modern world is that industrialized societies 

are created and maintained through the consumption of large quantities 

of energy. When domestic resources can no longer meet the demands of a 

growing economy, a nation surre:(,ders a portion of its autonomy to 

external influences. Recent events have made all too clear the 

vulnerability associated with dependence on imported energy and have 

focused national efforts to both increase domestic energy production 

and the efficiency with which it is used. 

One method of conservation which has been receiving increased 

attention is a practice known as 'cogeneration.' Cogeneration in its 

most general form may be defined as the simultaneous or sequential 

production of mechanical and useful thermal energy from a single energy 

source. In most cases the mechanical energy is directly utilized for 

the generation of electricity and it is to this form--the coproduction 

of electricity and heat--that the term cogeneration is most commonly 

applied. 

Cogeneration is known by many names, in part depending upon the 

situation to which it is applied. Terms such as 'on-site power' and 

'energy cascading' are often used in conjunction with industrial 

applications. 'Community energy systems,' 'dual energy use systems,' 

1 
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'selective energy' and 'district heating,l are terms used to 

characterize the distribution of electricity and heat to residential 

and/or commercial users. 'Total energy' is most commonly employed when 

describing smaller co-production facilities which operate independently 

of the central utility system. 

In spite of the somewhat artificial distinctions engendered by 

differences in terminology, all cogeneration systems derive technical 

justification from the fact that it is more efficient to simultaneously 

produce electric power and thermal energy than to produce each 

independently. Exploitation of this fact requires the presence of a 

concurrent demand for both forms of energy. In the absence of such 

demand cogeneration cannot be said to exist. 

Recognition of the potential for fuel savings associated with 

the increased use of cogeneration led the U. S. Congress to pass 

legislation directed toward encouraging its implementation. The Public 

Utility Regulatory Policies Act of 1978 (PURPA) cited the requirement 

for "a program providing for increased conservation of electric energy, 

increased efficiency in the use of facilities and resources by electric 

utilities and equitable retail rates for electric consumers" 

[92 STAT 3119). More specifically, the PURPA Act included a directive 

to the Federal Energy Regulatory Commission (FERC) to promulgate rules 

1. The term 'district heating' is normally applied to the case 
of a central utility which supplies stecm or hot water heat to a 
community system in conjunction with its more conventional electric 
production. While this is cogeneration, it is not the sense in which 
the term is applied within this study. 



to "encourage cogeneration and small power production" including 

regulations requiring utilities to "offer to sell electric energy to 

qualifying cogeneration facilities 

from such facilities" [92 STAT 3144). 

• and purchase electric energy 

Additionally, PURPA exempted 

3 

cogeneration facilities having capacities below 30 MW from the Federal 

Power Act, the Public Utility Holding Company Act (1935) and from any 

state laws regulating utilities which might tend to discourage 

cogeneration [92 STAT 3145]. 

In the wake of the passage of PURPA, the federal (and some 

state) governments funded a variety of studies aimed at projecting the 

potential impacts of cogeneration (see Reference List for examples). 

The purposes of these studies varied, but in general an attempt was 

made to assess such impacts as total energy conserved, shifts in fuel 

dependence, resultant alterations in utility capacity requirements and 

environmental effects. Since impacts at the national level were of 

interest, these studies generally centered on cogeneration potential in 

energy-intensive and large scale industrial operations where the 

various effects of interest could be expected to be significant. 

While not intended to do so, these studies have contributed to 

the establishment of certain conceptions about the viability of 

cogeneration in general. Specifically, many of these studies implied 

(if only indirectly) that demonstration of economically viable 

cogeneration systems will, for the most part, occur in large industrial 

situations of the type studied. Since these user types are known to 

favor cogeneration techniques employing steam turbines, there is a 



tacit implication as to the comparative merit of this form of the 

technology for all potential users. 

4 

In order to gain a better understanding of the role which 

cogeneration can play outside of large industry, this dissertation will 

focus on the factors which will influence the adoption of cogeneration 

techniques by small users. Specifically, this study will investigate 

the interactions of technology and economics in determining viable 

cogeneration by users in the small industrial/commercial sector. In an 

effort to encourage such cogeneration, PURPA has exempted qualifying 

cogeneration facilities having power production capacity less than 30 

MW from all provisions of the Federal Power Act [92 STAT 3145(2)]. 

This study will be restricted in its examination to this user class. 

Research Objectives 

This dissertation examines the technical and economic factors 

which play a determinant role in the feasibility of cogeneration for 

the small commercial or industrial user. The study examines the 

relative importance of key system and economic variables in determining 

financial viability. The results of this examination have been used to 

formulate a simplified economic model of gas turbine based 

cogeneration. This simplified model will assist the potential 

cogenerator in the preliminary evaluation of the profitability of a 

proposed cogeneration facility. 

In attaining the foregoing results, the following objectives 

have been achieved: 



1. the development of a simulation model capable of adequately 

projecting the performance of cogeneration systems typically 

expected to be found in small commercial and industrial 

facilities; 

5 

2. the structuring of the simulation method to include and account 

for the impact of each of four critical areas influencing the 

viability of such systems, namely: 

(a) ·the structure of utility rates for the purchase of 

electricity by the non-cogenerator, the purchase of 

supplemental or standby electricity by a cogenerator 

and the resale of excess electricity produced by a 

cogenerator back to the utility grid, 

(b) the steam and electric load demand curves of the 

industrial/commercial operator, 

(c) the technology applied in the cogeneration system, 

including the conventional package boiler system, 

non-condensing steam back pressure turbine, one point 

extraction condensing steam turbine, natural gas 

combustion turbine, and the diesel internal combustion 

engine, 

(d) financial parameters of importance in determining the 

economic viability of a cogeneration (or any) 

industrial/commercial capital expenditure decision. 
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Organization of the Dissertation 

Chapter 2 reviews the technology of cogeneration through an 

examination of the prime movers most commonly used for this purpose in 

industrial and commercial facilities. The systems characteristics 

which are of particular importance to the cogeneration application are 

emphasized along with the advantages and limitations of each. 

Chapter 3 presents a comparative examination of the methods 

selected for use in the economic analysis for the evaluation of 

profitability in cogeneration systems. The examination focuses on the 

interpretation of the projections made by each method and their 

implications for the decision to adopt cogeneration. Chapter 4 

presents an overview of the simulation program. 

Chapter 5 presents the results of a sensitivity study of the 

key variables determining economic viability of cogeneration. 

Employing a gas turbine system as a representative installation, the 

variables used in the sensitivity study are presented along with the 

justification for the assignment of the baseline and study range 

values. 

Chapter 6 presents the development of a simplified method for 

analyzing the profitability of a proposed cogeneration system. The 

technique is specifically tailored to gas turbine based cogeneration 

which is the technology most commonly proposed for moderate size 

facilities. The significance of the incremental energy consumption 

factor as a determinant of profitability is investigated. The 

application of the simplified method for comparative studies of 
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different gas turbine systems is described and the results compared to 

projections made by the simulation model. Finally, the simplified 

method has been utilized to examine the implications of regional fuel 

price differences and the implications of natural gas price 

deregulation on the profitability of gas turbine cogeneration. 



CHAPTER 2 

SYSTEMS CONCEPTS AND TECHNOLOGY 

In general, cogeneration may be defined as the production of 

two forms of energy outputs from a single energy source. In most cases 

these two outputs are electricity and useful thermal energy, the latter 

being produced for a variety of applications. The motivation for the 

implementation of cogeneration is economic, since it is more efficient 

to simultaneously produce two energy forms than it is to produce each 

independently. 

The effective application of cogeneration requires an appro

priate match between the output characteristics of the cogeneration 

system and the energy requirements of the industrial or commercial 

operation. Since the output characteristics of these systems depend 

both upon the technology involved and the design, it is beneficial to 

review the general attributes of the commonly employed systems. 

General Concepts 

Potential applications for cogeneration can be classified into 

bottoming and topping cycles. In a bottoming cycle, energy leaving a 

process heat operation is fed to a conversion device such as a turbine 

to produce electricity. In a topping cycle, mechanical power or 

electricity is produced first, and then the by-product waste heat is 

supplied to the process. The cogeneration cycle selected depends upon 

8 



the temperature req«irements of the process and the availability and 

temperature of a waste stream. 

9 

Depending on the process characteristics, the same piece of 

equipment may operate in either a topping or a bottoming mode. An 

example of this may be seen in Figure 2.1. Bottoming cycles are 

normally associated with high temperature industrial process operations 

as found in the production of many chemicals (e.g., ethylene or 

ammonia) or in kiln baking or smelting. Such processes typically 

require the rejection of high temperature (~ 1500 °F+) process streams 

which may be used to produce steam and power. In contrast, topping 

cycles may be applied in many situations requiring low to moderate 

temperature process heat. Consequently, topping cycles have a much 

wider range of applicability and allow greater flexibility in equipment 

selection. Waste streams employed in bottoming cycles can be in the 

form of corrosive effluents which would require the use of exotic and 

expensive heat exchangers (Wilkinson and Barnes 1980, Solt 1981, T.R.W. 

1979, Sittig 1977). Alternatively, the waste stream may be derived 

from a prime mover. An example would be the use of high temperature 

gas turbine exhaust to produce steam which would then drive a steam 

turbogenerator. This configuration is known as a combined cycle. 

A wide variety of equipment configurations may be considered 

for a specific cogeneration application. Each system has advantages 

and limitations which must be considered in the context of specific 

site requirements. Table 2.1 presents the technologies which are 

considered prime candidates for cogeneration today and in the near 
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Table 2.1 Characteristics of Selected Cogeneration Technologies 

System 

Steam Turb ines 

Gas Turbine 
Open Cycle 
Closed Cycle 

Diesel 
High Speed 
Low Speed 

Fuel Cell 

Stirling 

Thermionics 

Electric Generation 
Efficiencya 

.11 - .20 

.20 - .33 

.32 - .40 

.38 

.24 

.17 - .23 

Capital Cost 
$/kWb 

1142 

1050 

1414 

2993 

1150 

6000 

Fuels Used 

any suitable boiler fuel 

natural gas or distillates 
any 

natural gas or distillates 
low grade boiler fuel 

hydrogen, distillates 

any 

distillates and lower grades 

aBased upon projections given in Gerlauah et al. 1980 and Baumeister 1978. 
bBased upon projections given in Gerlauah et al. 1980. 

For 1978 dollars escalated to 1982 at 8% per year. 

...... 

...... 



12 

future. The table also presents comparative data on three of the more 

important parameters associated with each system: capital costs, fuels 

used, and typical electric conversion efficiency_ 

Selection of a specific system for a candidate site should 

proceed from a general review of feasibility constraints to a detailed 

examination of the technical, economic, regulatory and institutional 

issues. The feasibility study begins with a detailed energy audit of 

the facility. The audit includes a review of historical process heat 

and electric demand, projections of future load schedules, specific 

characteristics of the process demands and opportunities for energy 

savings through effective energy management. Table 2.2 lists some of 

the specific factors which should be initially considered. 

The dual purpose nature of cogeneration systems emphasizes the 

need for a high degree of reliability, since both electricity and heat 

production are lost during downtime. Failure of a prime mover in a 

cogeneration installation may seriously impair the proper functioning 

of the facility as a whole. Facilities with standby utility power may 

face considerably higher power costs. Fortunately, experience has 

demonstrated that the reliability of cogeneration plants is high, 

exceeding 99%, (Rothenberg and Friedman 1981, Mackay 1979). Capital 

costs, however, are strongly correlated to the degree of reliability 

required (Barnes 1981). Since cogeneration plants are normally located 

at facilities not primarily engaged in electric generation, selected 

technologies should be proven, readily available and relatively uns~

phisticated in operational requirements. The latter is particularly 



Table 2.2 Initial Considerations for Cogeneration Projects
a 

Technical 

Steam and Electric Load Dynamics and Magnitude 
Fuel Availability 
Plant Site Location 
Systems Availability and Support 
Load Shedding Potential 

Economic 

Magnitude of Capital Costs 
Cost of Fuels 
Tax Incentives 
Capital Resources 
Utility Buy-Back and Standby Rates 
Cost of Utility Connection 
Cost of o. and M. 

Regulatory 

Air Emission Standards 
Waste Disposal 
Federal Fuel Use Restrictions 
Zoning and Siting Restrictions 
State and Local Regulations 

Institutional 

Utility Company Attitude Toward Cogeneration 
Availability of Support Personnel 
Impact of System on Current Facility Operation 
Community Relations Aspects 

aAdapted from Cooper 1.979. 
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important if the installation of performance monitoring instrumentation 

is minimized because of capital constraints (Wilkinson and Barnes 

1980). Operational and maintenance requirements as well as the need 

for replacement or major overhaul of equipmen~ should be at a minimum. 

The above limitations tend to eliminate some of the techno

logies presented in Table 2.1 from consideration in present day 

applications. As a result, three basic approaches emerge as the 

candidates of choice in the majority of situations. They are the steam 

turbine, the gas turbine, and the diesel engine. Since cogeneration 

will normally be compared with an in-place or proposed conventional 

boiler with outside utility system, the performance of this 

configuration will be examined first. 

The Conventional System 

Electric Energy Demand 

The conventional system represents the method most widely 

employed to provide energy for industrial operations. Steam to meet 

process requirements is supplied by a conventional steam boiler and 

electric energy is supplied by the utility grid. Figure 2.2 displays 

the average thermal efficiency attained by steam power plants in the 

United States and the United Kingdom for the period 1900-1970. The 

figure shows the trend toward higher efficiencies as power plant 

technology has continued to develop--a fact which can, in large part, 

be attributed to increasing steam temperatures. Further improvements 

are now limited by metalurgical temperature problems in boilers and 
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piping. While an increase in average generating efficiency can be 

expected to continue as older plants are retired, this trend should be 

gradual. 

The fuel to electric conversion efficiency for large central 

plants is an incomplete measure of plant performance since it is 

applicable only while a plant is operating. To gain a better idea of 

overall system effectiveness, availability should be considered. In 

1975, the Federal Energy Administration examined the performance 

characteristics of large central stations and found that both 

reliability and availability were below expectation. The report 

indicated that the u.s. must "build and support about five kilowatts of 

electric generating capacity in order to supply four kilowatts of peak 

demand and, on the average, obtains a productivity of about 50% from 

each kilowatt of capacity." Furthermore, the report stated that: "On 

average, over the past year or two, the Nation's large nuclear and 

fossil-fired base-loaded units were forced out of service more than 15% 

of the time, and operated at less than 60% capacity factor" (U. S. 

Federal Energy Administration 1975). Data also shows that, on the 

average, reliability decreases with increasing unit size and newer 

plants are less reliable than older ones (U. S. Federal Energy Adminis

tration 1975). Table 2.3 summarizes the performance of fossil-fired 

power plants as determined in the F. E. A. study. 

Because of power pooling and reserve margin, the reliability of 

individual electric plants is not normally perceived by the end user. 

The reliability factor does, however, contribute to the overall cost of 



Table 2.3 Fossil-Fired Unit Performance Data 
(Cumulative Average for 1960-72) 

(Federal Energy Administration 1975) 

Size Number of Forced Outage a Availabilityb CapacityC 
Range Units Rate Factor Factor 

MW I n P e r c e n t --

60-89 71 1.7 91.6 70.2 

90-129 170 3.3 88.5 64.3 

130-199 252 3.1 89.2 75.3 

200-389 216 4.7 86.2 74.8 

390-599 89 8.7 80.0 66.6 

600 up 46 16.6 73.2 59.7 

aForced Outage Rate = F d Forced outage time 
orce outage time + in service time 

b Availability Factor = Time generator ~yas available for service 
Time in period 

cCapacity Factor = Total electric generation during period 
(max. dependable capacity*) (hours in period) 

*Electric output during the most restrictive seasonal conditions. 
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utility power production and should be a corisideration in any 

macroscopic examination of the relative benefits of cogeneration. In 

this regard, the use of cogeneration has been advanced as a means of 

reducing the necessity for utilities to "build three plants for every 

two that are needed" (Mackay 1979). 

Thermal Energy Demand 

18 

Thermal energy may be required by a process in the form of a 

hot gas, steam or hot water. The most common situation is the supply 

of process steam by on-site boilers. The boilers most commonly 

employed in commercial and industrial situations are of two major 

types: electric and fossil-fueled. Within these two categories there 

are a multitude of designs dependent upon such factors as the type of 

fuel available, whether natural or forced circulation is employed and 

operation temperatures and pressures. Electric package boilers are 

commonly available with steam output capacities ranging from 25 to 4000 

lbs/hr and operating pressures from 15 psig to 300 psig. High voltage 

electrode-type package boilers are manufactured at ratings up to 50,000 

kw (~ 171,000 lb/hr). Fossil-fueled packaged boilers are available in 

sizes ranging from 400 to 400,000 lb/hr at a variety of working 

pressures and temperatures up to 1000 psig (Farahan 1977). Figure 2.3 

shows the efficiency of a typical high voltage electrode boiler as a 

function of boiler output. These boilers operate at close to 99% 

thermal efficiency at full load with significant departure from this 
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efficiency rating only below 25% load. Low voltage boilers have 

similar operating charactristics. 

The efficiency of a fossil-fueled package boiler is dependent 

in part upon fuel used. Figure 2.4 shows the efficiency of a firetube 

type boiler operating with oil. Fuel to steam thermal efficiencies of 

80% or more are expected above 25% of design capacity. For coal, fuel 

efficiency may be degraded by approximately 5% (Farahan 1977). More 

detailed characteristics for boilers of different designs, including 

economic and emissions parameters may be found in the literature. 

The development of the package boiler has been cited by 

Wilkinson and Barnes (1980) as a contributing factor in the decline of 

cogeneration: 

••• in the 1950s, the industrial "package" boiler came into 
use. This boiler was shop-assembled and could be installed in 
an industrial plant much more quickly and at a much lower cost 
than a field-erected boiler. The package boilers, however, 
were designed only for gas (or clean oil) fuel and for steam 
pressures too low for efficient power generation. Under these 
conditions, the trend in U. S. industry was to install package 
boilers for process heat and to purchase electricity that would 
have formerly been self-generated. Where industrial power 
generation grew by 6.6%/year from 1950 to 1955, growth was only 
1.1%/year from 1965 to 1970 (Wilkinson and Barnes 1980). 

While package boilers are expected to maintain a high 

efficiency at rated load, the actual fuel consumption rate is dependent 

upon the instantaneous loading of the boiler. Boilers operating 

markedly below their rated output may consume significantly more fuel 

per unit of steam delivered. It is, therefore, necessary to alter the 

characteristic thermal efficiency as the boiler follows the process 
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load. Models of the part load performance of various boiler types 

developed by Farahan (1977) and Blazek et a1. (1979) have been 

incorporated in the performance simulation model. 

Back Pressure Turbine Topping Cycle 

22 

Figure 2.5 presents a schematic diagram of a cogeneration 

topping cycle based upon a back pressure (non-condensing) steam 

turbine. In this system, steam enters the turbine at boiler exit 

conditions and exhausts at process demand conditions. The latent heat 

of the steam which would normally be lost in the condenser of a 

condensing power cycle is available to the process, resulting in an 

increase in overall thermal efficiency. 

Back pressure turbines may be obtained in a number of config

urations. These include straight non-condensing, single and double 

automatic extraction. The term 'automatic extraction' is used in 

conjunction with both back pressure and condensing turbines, where it 

refers to the case where "extraction steam flow is automatically 

controlled to maintain the pressure of the header independent of the 

extraction flow" (Wilkinson and Barnes 1980). Figure 2.6 displays the 

three types of turbine configurations discussed. 

The maximum amount of power which can be generated by a back 

pressure turbine is primarily dependent upon four factors: (1) the 

steam entry and exit enthalpy, (2) the mass flow rate, (3) the internal 

thermodynamic efficiency of the turbine, and (4) the mechanical 

efficiency. Factors 1 and 2 are process dependent, while factors 3 and 
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4 are a function of, among other things, the size and speed of the 

turbine. One cited drawback of this type of turbine is the relative 

inefficiency of small size units (Boyen 1978). In the cogeneration 

situation this factor is not necessarily detrimental since low 

efficiency simply translates to a higher ratio of thermal to electric 

power production. 
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The use of a back pressure turbine in a cogeneration system 

implies that steam will be extracted from the turbine at the required 

process temperature(s) and pressure(s). Since power generation is 

limited by the difference between inlet and exit enthalpies, it is 

evident that, for a given steam mass flow rate, power generation can be 

increased by increasing the entering steam conditions. The results of 

this may be seen in Figure 2.7 which displays the effect of turbine 

inlet and outlet conditions upon by-product power generation. 

A certain amount of flexibility is available in adjusting the 

ratio of thermal to electric power production of the steam turbine 

cogeneration system to allow closer approach to process requirements. 

The raising of the inlet steam conditions will be accomplished at the 

expense of increased boiler costs and operational expenses. 

Additionally, a requirement for higher flow rates will imply a larger 

turbine, increasing costs and generally leading to a requirement for 

higher initial steam conditions in order to reach a satisfactory 

economic return. Figure 2.8 shows the range of initial steam 

conditions chosen for most industrial turbine applications as a 

function of the required flow rate. 
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The design of a cogeneration system involving the use of either 

back pressure or condensing turbines will require an examination of 

performance character.istics of each candidate turbine unit. In 

general, these data must. be obtained directly from the manufacturer and 

are supplied in light of the application. It is, however, possible to 

generalize to some extent the performance characteristics of basic 

turbine designs. The following factors may be expected to apply: 

1. The efficiency of a back pressure turbine will increase with 

increasing horsepower rating. 

2. Efficiency will increase as superheat increases as a result of 

reduced moisture losses. 

3. Efficiency is dependent upon the design ratio of inlet to 

exhaust steam pressure (pressure ratio) and will be degraded at 

both lower and higher pressure ratios for a specific design. 

(Shifler 1959a) 

Meador (1978) has examined in some detail the performance and 

cost characteristics of back pressure and condensing turbines suitable 

for use in municipal' and industrial cogeneration installations. 

Specifically, turbines which could supply both electrical and thermal 

energy for community energy systems up to 100 MW(e) were studied. 

Figure 2.9 displays representative efficiency data for single-stage 

non-condensing turbines operating at various inlet steam conditions. 

The curves show the trend of average internal efficiency ni as a 

function of the turbine size. Figure 2.10 displays similar data for 
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the internal efficiency of multistage condensing and non-condensing 

turbines. The figure includes superheat and half-load steam rate 

correction factor curves. 
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In order to predict the electric production of a cogeneration 

system it is necessary to predict the part load performance of the back 

pressure turbine. Part load steam flow rates for both non-condensing 

and condensing extraction turbines are normally determined by use of a 

plot of steam flow rate in lbm/hr against horsepower or kilowatt shaft 

output. This plot, known as a 'Willans line' is supplied by the 

turbine manufacturer and depends upon the specific design. Conven

tionally, the steam flow rates for a turbine operating at constant 

r.p.m. under full and half-load or no load conditions are used to plot 

the Willans line which is approximately linear and is normally 

displayed as such. Figure 2.11 is a typical Willans line plot for a 

condensing automatic extraction turbine. The figure indicates the 

relationship between the throttle flow and the output of the turbine, 

both in percent. While the plot shown is for a condensing turbine the 

general relationship also holds for a back pressure unit. 

Extraction Turbine Topping Cycle 

Figure 2.12 presents a schematic diagram of a cogeneration 

topping cycle based upon a single extraction condensing turbine. This 

is the most frequently used type of extraction turbine and for design 

purposes may be treated as a back pressure and a condensing turbine 

operating in series (Gartmann 1970). 
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Referring to the figure, steam exits the boiler and enters the 

high pressure stage of the turbine. An amount of steam equal to the 

instantaneous process load is extracted and flows to the process 

demand. If the boiler flow is greater than the process demand flow, 

the balance of the steam flow proceeds through the second stage of the 

turbine where it exits at condenser inlet conditions. 

The utility of an extraction condensing turbine lies with its 

ability to meet a relatively wide range of power to steam demand 

ratios. When the demand for process steam is high, the unit operates 

at 100% extraction and is essentially a back pressure turbine. When 

process demand is low, the excess steam may be diverted to the con

densing section where additional electric power is generated. Without 

the condensing section, excess steam would be vented as waste or the 

boiler would be turned down with an associated efficiency loss. 

Since this turbine configuration is essentially two turbines in 

tandem, each section will have individual performance characteristics 

dependent upon the steam flow. The back pressure section will have the 

highest efficiency at 100% extraction and maximum load. The condensing 

section will be most efficient at zero extraction and high load 

(Shifler 1959b). The overall turbine performance will result from a 

composite efficiency. Polimeros (1981) points out that in some cases, 

efficiency can be maximized by the installation of two turbines--one 

back pressure and one condensing. When the condensing turbine is not 

needed it may be shut down (along with its auxiliaries) resulting in 



34 

energy savings. In contrast, the two-stage turbine will always incur 

performance losses from the condensing section, even when operating at 

100% extraction. Balancing the improved efficiency of the two turbine 

system is the necessity for warm up ,when bringing the condensing 

turbine on-line and the additional capital expenses over the single 

turbine configuration (Polimeros 1981). 

The electric production of an extraction turbine depends upon 

the relati~e flow of steam through the two turbine stages, the steam 

conditions at the inlet and extraction points and the efficiency of the 

two stages. In normal practice when steam is extracted from a turbine 

operating under a specified load the inlet (throttle) flow must 

increase to satisfy the additional demand. However, the increase is 

not equal to the amount of steam extracted. In actuality, the boiler 

output must increase by an amount adequate to satisfy both the increase 

in extraction and that portion of the throttle steam diverted to the 

second stage. The ratio of the increase in throttle steam with 

extraction to the throttle steam required with no extraction is called 

the extraction factor and is nearly a constant ratio to the amount of 

steam extracted (Gartmann 1970). The effect can be seen in the Wi11ans 

line plot already presented. 

It should be noted that, for the purposes of cogeneration, only 

that power production associated with steam flowing through the back 

pressure section of the turbine is cogenerated. Power production by 

the condensing section is considered 'self-generation.' If, for 

example, the turbine was operating at zero extraction flow, no steam 



would be flowing to the process and by definition cogeneration would 

not exist. Proper account of this fact must be taken in the 

computation of by-product power costs. 

Since a significant portion of the energy passing through the 

condensing section of the turbine will ultimately be lost in the 

condenser, operation below 100% extraction will significantly degrade 

the overall energy effectiveness of the system. This is a primary 

drawback of this system and is reportedly a major reason for its 

limited use (Polimeros 1981). However, Wilkinson and Barnes (1980) 

point out that there are a number of situations in which this 

configuration may prove to preferable, including: 

1. No external power is available from a utility. 
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2. The energy in the steam is available at low cost, either from a 

by-product or waste fuel, or process-waste-heat recovery. 

3. Condensing power may be economic to shave peak electric demands 

and, therefore, reduce demand charges paid to the utility. 

4. When the industrial plant has several steam turbine

generators, normal operation would have a minimum amount ~f 

condensing power, but the condensing end can be used to full 

capacity as reserve during shutdown of another generator. 

5. When the industrial plant has several steam tur~ine

generators, a condensing section on one unit can simplify 

dispatching of power among the units. 
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6. In joint utility/industrial cogeneration schemes, the 

condensing power is another source of generation which can be 

dispatched as the economics of the system demand. 

(Wilkinson and Barnes 1980) 

Combustion Turbine Cogeneration 

Turbine Cycles 

In a simple gas turbine, fuel enters a combustion chamber where 

it is burned in the presence of compressed inlet air. The hot 

combustion products are allowed to expand through a turbine section 

producing shaft work. The potential for cogeneration resides in the 

, exhaust gases from the turbine which possess a considerable amount of 

thermal energy. The relatively low thermal efficiency of simple open 

cycle gas turbines, combin~d with the large amount of excess air 

required to insure acceptable tUrbine inlet temperature leads to a 

large potential for heat recovery from the exhaust gases (Aschner 1978, 

Cohen et a1. 1973). Figure 2.13 shows the two principal gas turbine 

cycles in their most basic form. In the open cycle exhaust products 

are returned to the atmosphere. In the closed cycle, a working fluid 

is continuously circulated through a closed loop with heat added and 

rejected through heat exchangers. Closed cycle working fluids have 

generally been air, nitrogen or helium, although other gases are 

feasible (Aschner 1978). 

Both the closed and open cycles are suitable for cogeneration. 

The primary advantage of a closed cycle is that the turbine components 



Qin 

~ 
CC 

AiR 

OPEN CYCLE 

COOLING 
WATER 

CLOSED CYCLE 

C-Compressor CC-Combustion chamber GT -Gas turbine 

Fig. 2.13 Basic Gas Turbine Cycles (Aschner 1978) 

37 



38 

are essentially isolated from the combustion products, minimizing 

corrosion and wear. A much wider variety of fuels can thus be burned 

in the closed cycle. Closed cycle combustion turbines have been oper

ated on fuels as diverse as coal, blast furnace gas, and wood chips 

(Foster-Pegg 1978, Hagen 1978, Aschner 1978). 

While the fuel flexibility of the closed cycle offers a number 

of advantages, the increased complexity of the system along with the 

necessity of environmental controls for lower quality fuels results in 

higher capital costs. As of 1980, no closed cycle plants were 

operational in the United States (Wilkinson and Barnes 1980). 

Open cycle turbines are normally limited to burning natural gas 

or high quality distillates. Past attempts at adapting open cycle 

turbines to alternate fuels have focused on pulverized coal. While 

such turbines have been operated successfully, high maintenance costs 

and short lifetimes have severely limited their application (Smith 

1968, U. S. Dept. of Mines and Technical Surveys 1956, Hart and Cutler 

1973). Current research is examining the potential for coal 

gasification as a new source of compatible turbine fuel (Foster-Pegg 

1978, Ghosh and Prasad 1979). 

Characteristics of the Open Cycle 

The open cycle gas turbine is a direct outgrowth of extensive 

research and development performed mainly for the military. It is 

compact and embodies a number of characteristics which make it ideally 

suited for use in power generation. A number of modifications on the 
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open cycle can be added to improve the overall efficiency of the 

machine by up to 10%. These include regeneration, intercooling, and 

reheat. In spite of this, the majority of gas turbine systems manu

factured in the United States do not employ these options. Instead, 

the simple open cycle is the configuration of choice, with regeneration 

sometimes being used (Wilkinson and Barnes 1980, Aschner 1978). 

Figure 2.14 displays three gas turbine configurations commonly 

found in cogeneration applications. All three employ a turbogenerator 

to produce electricity, differing only in the utilization of the 

exhaust heat. In the first case exhaust gases are used directly as 

process heat for a drying application. In the second and third cases 

the exhaust is passed through a waste heat recovery boiler, generating 

steam for process or use in an absorption chiller. The latter is most 

applicable to commercial buildings where both electricity and comfort 

space conditioning is required. The turbine is not restricted to 

electric generation. The mechanical output may be used instead to 

drive pumps, centrifugal chillers or any other drive; however, these 

applications are less common. 

The performance of a gas turbine in a cogeneration application 

will be predicated on both the initial design characteristics and the 

environment in which it operates. Parameters within the first category 

will include design pressure ratio, turbine inlet temperature, fuel 

use, and whether reheat, recuperation or intercooling is employed. 

Turbine efficiency will increase with higher inlet temperatures and 

lower compression ratios. Turbine efficiency will also be increased by 
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use of natural gas as opposed to distillate fuels for the following 

reasons: 

1. cleaner burning with less carbon buildup, 

2. faster combustion leading to flatter temperature distribution 

in critical parts, 
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3. lower combustion luminosity leading to lower radiative losses, 

4. higher specific heat resulting in increased turbine work 

output. 

(Mackay 1979) 

One major limitation of natural gas use can arise when gas 

supply is available only at low delivery pressures. Since the gas must 

b€ supplied to the turbine at a pressure above that of the combustor 

(~ 160 psig) a considerable amount of compression power may be required 

for fuel delivery. Additionally, interruptible gas supplies may 

require that the user install equipment capable of burning backup fuels 

such as propane or diesel. 

Turbine Performance 

A significant consideration in the operation of a turbine is 

its physical and demand environments. Manufacturer's specifications 

generally describe turbine performance at 14.7 psia and 60°F with zero 

inlet and exhaust duct losses. Performance is degraded at higher 

altitudes and ambient temperatures. The impact of these factors can be 

seen in Figures 2.15 and 2.16 which describe these effects on a 

specific turbine unit. 
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Figure 2.17 is a typical manufacturer's performance specifi

cation plot for a gas turbogenerator set. This type of plot, in this 

case for a Solar Turbines-Centaur 2.8 MW unit, displays rated output, 

exhaust mass flow, exhaust temperature, and fuel flow as a function of 

inlet air temperature. The plot can also be used to determine part 

load performance. The plots shown in Figures 2.15 through 2.17 must be 

used together to project an accurate representation of expected 

performance. 

Partial load operation of the gas turbine impacts the cogen

eration plant in two ways. First, as the turbine loading decreases, 

the thermal efficiency drops, resulting in an increase in the fuel to 

electric ratio. Each kilowatt-hour becomes progressively more fuel 

expensive. Second, as load decreases, exhaust temperature and mass 

flow decrease, lowering the heat available to process. This latter 

effect is partially offset by the increase in heat rejection due to the 

dropping thermal efficiency. The overall effect of operation at 

partial load can be a significant increase in generated electricity 

costs. Figure 2.18 shows the effect of part load operation on the cost 

of electricity production by a typical gas turbine. It is seen that 

the overall electricity cost is strongly dependent upon the turbine 

loading and the 'credit' available for useful application of the 

process heat. 

How well the performance of the turbine matches the character

istics of the process thermal and electric demand will strongly 

influence the economic viability of the cogeneration installation. In 
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general, applications take one of two approaches: load following or 

block loading. 
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For the load following situation, the turbine may either track 

the steam or electric loads. In the first case, when electric demand 

exceeds production the difference is purchased from the utility or loa~ 

shaving is performed. When electric production exceeds demand, the 

excess may be sold to the utility or in special cases (very high 

thermal/electric demand ratio) the excess may be dumped to electric 

boilers for additional process heat production. In the second case, 

the turbine can be made to follow electric demand. In this instance, 

excess process heat may be dumped to the atmosphere and any deficit 

supplied by an auxiliary boiler. 

The load following mode suffers from two major drawbacks. 

First, tracking either electric or steam demand requires additional 

equipment which increases the system capital cost. Additionally, the 

overall system performance becomes more difficult to predict as the 

ratio of thermal to electric load varies. The second drawback occurs 

as a result of the effect of load modulation on equipment operation. 

It has been reported that load following may increase operation and 

maintenance and decrease the turbine lifetime by one-half (Lobit 1981). 

The block loading scheme is an attempt to mitigate some of the 

problems associated with load modulation. In block loading, the 

turbine is run continually at full output. When the exhaust heat 

available exceeds the process heat requirement a bypass damper routes 

the excess exhaust up the stack. When a shortfall occurs, a makeup 
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boiler may be used to supply the deficit. For an installation with 

utility backup, excess electricity can be exported. For isolated 

installations, block loading implies that the turbine is sized to meet 

a minimum facility electric load. 

In order to minimize the waste of exhaust heat at times of low 

thermal demand, two turbines may be installed. In this situation, one 

turbine normally operates continuously at full output and the second is 

brought on- and off-line according to a set of load criteria. The 

'inter-turbine' load, i.e., heat or steam loads greater than the supply 

capability of the first turbine and less than the minimum load at which 

the second turbine comes on-line, may be met by a backup boiler or 

afterburner. 

Internal Combustion Engine Cogeneration 

The internal combustion engine is one of the most versatile of 

all the prime movers. It is readily available in a wide range of sizes 

from a large number of manufacturers. It is capable of utilizing a 

number of different types of fuels of varying quality. It is compact 

in size and can be started and brought into service quickly with a 

minimum of operator intervention. For these and other reasons the 

internal combustion engine, and in particular the compression ignition 

diesel engine, has become widely accepted as a supplier of both primary 

and standby mechanical power. 
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The Diesel Engine 

Diesel engines are normally categorized by fuel use, combustion 

cycle and rotational speed. High speed engines (over 720 rpm) are 

generally more compact, weigh less and are lower in cost per kilowatt 

than low speed sets. High speed engines also generally require higher 

quality and thus more costly fuels. Low and medium speed engines are 

larger in physical size and higher in capital and installation costs. 

However, low speed engines normally attain somewhat higher efficien~ 

cies, are more dependable and operate for up to at least twice as long 

between overhauls. Additionally, low speed engines are able to use 

fuels of considerably lower qual~ty And thus lower cost. There is no 

strict guideline for determining the applicability of a low or high 

speed engine. While speeds generally become slower as power output 

increases, each installation is unique and must be analyzed 

individually (United Nations 1967). 

Diesel engines are available in either two or four stroke 

cycles. The two stroke engine attains 50 to 80% greater power output 

per unit piston displacement and is somewhat simpler in dl~sign. The 

four stroke engine is characterized by wider variation in speed and 

load, lower specific fuel consumption, lower hydrocarbon emission and 

easier power regulation (Baumeister 1978). The two stroke engine is 

generally preferred when output power exceeds 2500 kW (United Nations 

1967). Table 2.4 presents a comparison of diesel engine cycles 

currently available. 



Table 2.4 Current Diesel Engine Types 

(Wilkinson and Barnes 1980) 

Power Range 
Engine Type Speed Range (MW) 

High Speed >900 rpm 1 

Medium Speed 400-900 rpm 1-10 

Slow Speed <200 rpm 5-40 

Cycle 

4-stroke 

4-stroke 
2-stroke 

2-stroke 

Typical Shaft Efficiency 
(IlIV) 

34 

38 

40 

J:'
\0 
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During the operation of a diesel engine the energy input in the 

fuel is distributed among four end points. A portion of the fuel 

energy is converted into brake horsepower (b.h.p.). The remainder is 

either absorbed by the water used to cool the cylinders, by the engine 

lubricating oil, or exits with the hot exhaust gases. A small portion 

is lost as radiation. For cogeneration, the energy and work capability 

of the exhaust gases can be recovered to produce steam. The jacket 

cooling water heat content can be used to produce hot water or, in some 

cases, low temperature steam. 

Figure 2.19 presents a heat balance for a typical turbocharged 

diesel engine. This figure shows that the net thermal efficiency of 

the engine remains fairly constant down to approximately 50% load, 

where it begins to drop rapidly. Additionally, it is seen that as 

loading drops the majority of additional relative heat production is 

absorbed in the cooling water. The exhaust heat content, as a percent 

of fuel input, remains fairly constant over this load range within 

about 5%. Also it might be noted that, over the range 50-110% of rated 

output, the exhaust temperature may be expected to remain constant 

within plus or minus 5% (Murgatroyd 1981). 

The full load efficiency of a diesel engine is dependent upon 

the size of the unit, the engine cycle, the type of fuel used and 

whether the engine is turbocharged. The effect of these various 

factors is seen in Figure 2.20. In general, full load efficiency will 

increase as the size (b.h.p.) of the engine increases, within the lower 

output power ranges. However, size effects become less significant at 
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higher ratings (~ 1 MW) because "units of a 1/2 MW(e) per cylinder 

already achieve a high efficiency" (Murgatroyd 1981). Larger ratings 

are basically achieved through the addition of extra cylinders. 

Engines may have anywhere from 4 to 20 cylinders. Some characteristic 

data for engines of various sizes is shown in Table 2.5. It should be 

noted that very large (Z 48,000 HP) slow speed (100-150 rpm) diesel 

engines are capable of attaining thermal efficiencies on the order of 

40%. These engines were originally developed for marine applications 

but are also available for stationary use. Such engines are designed 

to use low quality heavy residual fuels such as Bunker-C and are 

employed throughout the world for power production. No such engines 

have been installed in the United States (Wilkinson and Barnes 1980, 

Murgatroyd 1981). 

The use of a diesel engine in a cogeneration application is 

somewhat restricted by the capability to recover waste heat in a useful 

form. Since the major opportunity for heat recovery is associated with 

the jacket cooling water and the exhaust, process applications are 

limited by the temperature and heat ratp. characteristics of these 

sources. 

Process heat can be recovered in three forms: hot air, hot 

water, or steam. When hot air is required, it may be captured 

indirectly through the jacket water radiator and/or from a heat 

exchanger through which the engine exhaust flows. Where contamination 

is not of concern the exhaust may be used directly. When hot water is 

required, heat can be recovered from both the exhaust gases and the 



Table 2.5 Representative Diesel Engine Application Data 

General SEecifications 
Rated power, Bhp 480 1,505 6,420 8,125 10,833 
Rated ·speed, rpm 1,800 1,200 514 450 450 
Number of cylinders V-8 V-12 V-12 V-12 V-16 
Displacement, in. 3 1,190 5,788 42,322 57,199 76,265 
Engine weight, lb (3,100) (9,790) 133,200 190,000 225,000 

Full ConsumEtion Data (full load) 
Fuel rate,a lb/hphr 0.395 0.392 0.364 0.369 0.369 
Heat rate,b Btu/hphr 7,703 7,631 6,621 6,712 6,712 
Thermal efficiency,C % 33.0 33.4 38.4 37.9 37.9 

Heat Rejection Data (full load) 
Jacket water, Btu/min 17,100 45,438 104,325 152,350 203,133 
Lube oil, Btu/min 4,087 8,135 25,466 36,567 48,750 
Intercooler water, Btu/min NA 5,450 51,253 NA NA 
Radiated, Btu/min NA 11,210 42,470 NA NA 

Exhaust S~stem Data (full load) 
Exhaust gas temp., OF 875 771 900 855 855 
Exhaust gas flow, cfm 2,800 7,912 64,478 49,857 66,678 

~uel rate fuel consumption (gal/hr x 7.29 (lb/gal) 7 rated full load output (Bhp). 

bHeat rate fuel rate (lb/hp-hr) x (heating value of fuel, Btu/lb). 

cThermal efficiency 2,545/heat rate. 

(Segaser 1977, adapted from Table 4.1) 

13,540 
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engine jacket. Heat exchangers must be used since the primary engine 

coolant circuit must remain closed to minimize the possibility of 

coolant contamination. When steam is required at a pressure above 

approximately 15 psig, it must be recovered through use of an exhaust 

recovery boiler. When the pressure of the demand process steam is less 

than 15 psig, the heat energy rejected to the jacket cooling water can 

be recovered as an additional steam supply. This may be accomplished 

either through the use of a flash boiler or by ebullient cooling. A 

flash boiler is normally mounted above the engine. As the jacket water 

approaches the boiler the static pressure drops and the water flashes 

to steam. In the ebullient system vapor formation is allowed in the 

engine cooling jacket with natural circulation being used to 

continually remove the steam bubbles from the cooling surfaces. A 

steam separator is required at some point above the engine. In either 

case, jacket water steam production is limited to approximately 15 psig 

due to the high speed engine jacket operating temperature limit of 

approximately 240°F (Boyen 1978). Current low speed diesel engine 

generator sets operate with cooling water jacket temperatures of about 

160°F, with some advanced designs capable of temperatures up to 260°F 

(United Technologies 1980). 

Examination of Figure 2.19 reveals that, in situations 

demanding steam above 15 psig, a significant amount of engine heat 

production potential will be unusable. However, it should be noted 

that conventional absorption air conditioning chillers are designed to 



use low pressure steam at approximately 12 psig and represent an 

extensive application potential (Carrier 1974). 
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The steam production potential of exhaust heat is dependent 

upon the exhaust flow rate and its temperature. The exhaust temper

ature for high and medium speed engines using natural gas will 

generally be in the range of 800°F to 1350°F while low speed engines 

will operate with exhaust temperatures between 650°F and 850°F, 

depending upon load and fuel used (Boyen 1978, Segaser 1977). Figure 

2.21 displays the performance characteristics of a medium to high speed 

diesel engine using diesel oil and operating at full load at the 

indicated speed. Figure 2.22 shows the range of encountered exhaust 

gas temperatures for various diesel engine types versus load. 

The performance of diesel cycle engines, like gas turbines, is 

affected by altitude and ambient temperatures. Also, the recovery of 

exhaust heat is limited by a minimum allowable stack exit temperature· 

of approximately 325°F. 

General Cogeneration Design Considerations 

A number of cogeneration systems can be employed to satisfy the 

thermal and electric demands of a specific site. It is therefore 

desirable to have some means to assess the various general systems and 

compare them. Such a review would result in one or two system types 

being identified for detailed examination. In the final analysis the 

best system is that which most closely approaches technical and 

institutional criteria and demonstrates a favorable economic return. 
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There are a number of ways to evaluate cogeneration systems to 

establish comparative relative rankings. The results of such ranking 

will depend upon the attributes judged most important to a particular 

site. For example, capital cost and efficiency, which are often prime 

considerations, may be judged less important than reliability for sites 

isolated from the utility grid. Generally, the initial selection of 

candidate systems is made following a review of a variety of common 

equipment characteristics. These charactristics can be divided into 

design and performance factors. 

Design factors are defined as those equipment characteristics 

which are attributable to the generic aspects of the equipment itself. 

In some cases generic limitations, such as appropriate fuels, may be 

overcome through additional engineering, but such changes are usually 

costly. Some of the more common design factors include: 

1. Size Range - the size of equipment or nameplate rating 

available from manufacturers. 

2. Fuel Use - the fuel type required and the availability of such 

fuel to the user over the projected system lifetime. 

3. Heat Type - the form of the waste heat produced by the system. 

4. Environmental - environmental impact of system design, 

especially with regard to emissions. 

5. Cooling - requirements for cooling water, availability and the 

cost of cooling equipment. 
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6. Operation and Maintenance - in particular the requirements for 

extended overhaul downtime or additional personnel to operate 

the system. 

7. Reliability - demonstrated performance history of similar 

equipment and support services available. 

Performance factors are defined as those characteristics which 

are more closely related to the application in which the equipment is 

used. TW0 identical prime movers will perform differently depending 

upon the system operation. Some of the more common performance factors 

which must be considered include: 

1. T/E - the thermal to electric Btu production ratio of the 

equipment, including part load T/E ratio, which should match 

the process TIE as closely as possible. 

2. nth - the fuel to electric thermal conversion efficiency, 

including part load performance. 

3. Effectiveness - the percentage of fuel heat value which is 

consumed or effectively applied to the process demand. 

4. Fuel Charge to Power - the amount of fuel consumption 

attributable to the production of electric power in the dual 

system. 

5. Total Fuel Requirement and Fuel Savings - the total fuel 

consumption by the system per unit time. Sometimes expressed 

as a cost/time, fuel savings are usually computed in relation 

to a displacement of central station generated electricity. 



CHAPTER 3 

EVALUATING ECONOMIC PERFORMANCE IN SMALL 
INDUSTRIAL-COM}ffiRCIAL COGENERATION SYSTEMS 

In the world of technology development, the economist often has 

the last word. Indeed, in the private sector, except on rare 

occasions, the viability of a project is dictated not only by its 

technical feasibility, but more importantly, by its expected profit-

ability. As Quirin (1967) states: "From the manager's point of view 

capital expenditures are made primarily to acquire a stream of future 

benefits, and only secondarily to acquire the tangible or intangible 

assets which yield the benefits." It is well recognized that capital 

expenditure decisions are among the most important facing the 

management of any business. Their importance is magnified both by the 

necessity to allocate a constrained resource and their tendency to 

produce long term effects. 

The rising cost of fuels makes the proper consideration of 

future expenditures for energy of prime importance, particularly for 

energy intensive industries. Projects which implement new energy 

sources or increase energy efficiency may improve profitability due 

both to fuel savings and incentives provided by government policies. 

A number of methods are commonly used to assess the profit-

ability of proposed projects. The approachep vary in both complexity 

and the accuracy with which they consider long term benefits and costs. 
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Furthermore, all methods produce results which are subject to 

interpretation due to less easily quantifiable factors like risk and 

uncertainty. 
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In this chapter, the more commonly applied profitability 

indicators will be reviewed in regard to cogeneration in small indus

trial or commercial facilities. The advantages and limitations of each 

of five such methods are examined. Following this, the basis for the 

values assigned to the economic parameters is presented. Finally the 

sensitivity of the life-cycle economics to variations in each of the 

assumed parameters is presented in order to identify which parameters 

most influence economic return. 

Basis for the Selection of the Analysis Techniques 

There are many techniques available which can be used in 

financial decision making. Five such methods have been reviewed for 

use in examining the merits of cogeneration systems. In selecting the 

financial analysis methods, three major requirements were emphasized: 

1. The methods should reflect valid economic theory. 

2. The methods should be representative of the typical approaches 

actually used within the business community. 

3. The methods should provide information which can lead to 

project ranking dependent upon the financial emphasis of the 

decision maker, e.g., rapid recovery of invested capital versus 

maximized long term profitability. 
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The literature provides a basis for examining the range of 

investment decision making tools employed by management responsible for 

authorizing large capital expenditures. In a study by Petty, Scott, 

and Bird (1975), financial executives within each of the 1971 'Fortune 

500' firms were asked to rank certain financial evaluation techniques 

in the order of their importance to their firm's investment decision 

making process. Table 3.1 summarizes the results of the data submitted 

by 109 respondents. 

Examination of Table 3.1 reveals that, among those surveyed, 

three techniques were of primary importance. The internal rate of 

return ranks as the method of first choice, accounting return on 

investment (average rate of return) second, followed by the payback 

period. It is also seen that the payback period was the significant 

second choice, reinforcing its suggested utility as a "supplementary 

index of an investment's desirability" (Fremgen 1973). The widespread 

use of the internal rate of return method on an internatfona1 basis was 

demonstrated by a review of surveys performed by Rapp (1980). Table 

3.2 summarizes his results with respect to that method. 

Fremgen (1973) administered a simi1ai survey to the financial 

executives of 250 business firms selected randomly from Dun and 

Bradstreet's Reference Book of Corporate Management (1969). Executives 

were asked to specify what financial methods were actually used to make 

capital expenditure decisions within their institution. Table 3.3 

summarizes the results in terms of the total annual capital budget of 

the companies surveyed. The results show that the internal rate of 



Table 3.1 Ranking of Capital Expenditure Analysis Techniques 

Percent of Respondents Ranking Indicated Technique According 
to Importance in Evaluation of Capital Expenditures for 
Present (P) and New (N) Product Lines. (Petty, Scott and 
Bird, 1975) 

Rank 1 2 3 4 5 6 
Technique P N P N P N P N P N P N 

Internal Rate of Return 38 41 21 19 16 17 16 13 6 9 0 0 

Accounting Return on Investment 35 31 17 24 23 21 12 12 9 9 0 0 

Payback Period 12 11 44 37 33 38 12 15 11 16 0 0 

Net Present Value 11 15 10 14 20 16 46 44 17 13 50 50 

Profitability Indexa 1 2 5 4 4 5 10 12 57 50 50 50 

Other 4 0 2 2 4 2 4 4 0 3 0 0 

aBenefit/Cost Ratio 

0'1 
~ 



Table 3.2 International Use of the Internal 
Rate of Return Method 

Author Percentages of investigated 
firms per survey that use 
the internal rate of return 
method 

Renck; Sweden 50 

Abdelsamad; U.S.A. 69 

Fremgen; U.S.A. 71 

Rockley; England 59 

Berry and Tanner; England 76 

Hanko and Virtanen; Finland 77.7 

Andersson; Sweden 54 

Tell; Sweden 53 

(Adapted from Rapp, 1980) 
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Table 3.3 Methods of Profitability Analysis Used as a Function of the 
Size of a Firm's Capital Budget (Fremgen, 1973) 

Discounted Net Present Simple 
Size of annual rate of present value Payback rate of 
capital budget return value index period return 

Over $100 million 78% 34% 9% 72% 60% 

$50-$100 million 79% 21% 10% 62% 55% 

$10-$50 million 64% 14% 2% 68% 44% 

Under $10 million 67% 0% 5% 52% 33% 

No size given 67% 33% 0% 67% 0% 

All respondents 71% 20% 6% 67% 49% 

Other 
methods 

14% 

3% 

11% 

0% 

33% 

10% 

C' 
C' 
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return is the method most widely used among the companies responding, 

followed by the payback period. Table 3.4 ranks the techniques by 

relative importance and clearly shows the preference for rate of return 

type calculations with payback analysis used as a secondary analysis 

method. 

A Summary of Some Financial Analysis 
Concepts and Techniques 

Generally, all economic techniques employed to assess the 

advisability of undertaking a new project attempt to estimate a figure 

of merit which, in some way, represents the economic return projected 

as a result of the capital investment. While the consideration of a 

great number of variables in the figure of merit determination may 

appear to make the analysis more comprehensive, the inclusion of more 

of these variables may also tend to contribute to the level of 

uncertainty associated with the final result. Clearly, at some point a 

tradeoff will be required between simplicity and accuracy. 

The accuracy of any economic assessment becomes more question-

able as the time horizon over which it is made lengthens because of 

assumptions required about the future values of the variables inherent 

to the analysis. In industry it is not unusual for the economic life 

of a project to extend to twenty to thirty years with cash flows 

distributed throughout the same period. Since the value of both money 

and commodities fluctuate over time, the relative contribution of these 

cash flows to the overall life cycle economics of the facility are 

greatly dependent upon when they occur. 



Table 3.4 Profitability Criteria Judged Most Important by Management 
as a Function of Firm's Capital Budget (Fremgen, 1973) 

Discounted Net Present Simple 
Size of annual rate of present value Payback rate of 
capital budget return value index period return 

Over $100 million 34% 5% 0% 2% 31% 

$50-$100 million 38% 7% 3% 7% 14% 

$10-$50 million 39% 3% 0% 23% 18% 

Under $10 million 47% 0% 5% 24% 24% 

No size given 0% 0% 0% 33% 0% 

All respondents 38% 4% 1% 14% 22% 

Other 
method 

7% 

0% 

5% 

0% 

33% 

5% 

0\ 
00 
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Commonly employed assessment methods vary in the extent to 

which they account for the timing of cash flows. The most basic 

methods ignore the time value of money by assuming that income and 

expenses will be constant over the project life. Further, they assume 

that present and future cash flows will be equivalent in purchasing 

power. More realistic approaches consider the time value of money by 

incorporating an anticipated change of purchasing power which occurs 

due .to (de)inflation and price (de)escaJ.ations. Additionally, such 

approaches commonly include consideration for a time charge for the use 

of money and an associated risk factor. 

When examining cogeneration projects it is important to 

recognize that fuel costs will account for the significant portion of 

the operational expenses of both the proposed system and the 

conventional system. Therefore, the behavior of the price trends of 

fuel over the system life will play a key role in determining the 

ultimate financial success of the project. As such it is impossible to 

accurately examine cogeneration economics without consideration of 

future expenditures. Appendix A contains a review of the fundamental 

concepts of the time value of money. 

Basic Methods of Economy Studies 

No single method for performifig economy studies adequately 

accounts for all facets of the cogeneration investment decision. 

Therefore, five economic figures of merit which are more commonly used 

are discussed here. The methods have been selected on the basis of 



their widespread use in business investment decision making and to 

specifically reflect certain unique attributes of cogeneration. They 

include~ 

1. simple payback 

2. simple payback including the effect on income taxes 

3. discounted payback and average return on investment 

4. external rate of return 

5. internal rate of return 

Simple Payback 
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The payback period in its most basic form may be represented by 

Ps = cl/s 

where 

Ps payback period in years 

Cl the amount of capital required by the investment 

S the additional average annual earnings expected as a 

result of the investment. 

(3.1) 

The payback period method determines the amount of time 

required for the net earnings resulting from a project to equal the 

original net investment. More commonly it is referred to as the length 

of time required for the project to pay for itself. 

When applied to cogeneration, the denominator of the above 

equation becomes 

S = CVN - CGN (3.2) 

where CVN and CGN are the operational costs of the conventional and 
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cogeneration systems, respectively. The term CVN is defined by 

CVN = Ce + Co + Cg + Com (3.3) 

where Ce , Co, and Cg represent the yearly expenditures for electricity, 

fuel oil and natural gas. Com represents the yearly expense for 

operation and maintenance of the conventional system. The term CGN is 

defined as 

CGN = Ce ' + Co' + Cg ' + Com' - R (3.4) 

where the terms Ce', Co', Cg ' and Com' have the same definitions as in 

Eq. 3.3 except that they apply to the cogeneration system. The term R 

represents yearly revenue derived from the sale of electricity to the 

utility or off-site user. 

For cogeneration, net earnings will be expected to accrue due 

to a decrease in overall expenditures for energy. The advantages and 

disadvantages of the simple payback can be summarized as follows. 

Advantages of the simple payback period include: 

1. It is simple, easy to compute, easily understood and in common 

use. 

2. It can be used as a rapid screening method for company 

alternative projects. 

3. It indicates the time required to recover invested cash. This 

can be important for businesses with capital or credit 

shortages. 

4. It emphasizes minimized risk by favoring the project with the 

shortest payback. This may be important in projects affected 

by rapid changes in technology. 
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Disadvantages of the simple payback period include: 

1. It does not measure a return on invested capital. 

2. It does not account for income streams which occur after the 

initial investment has been recouped. 

3. It does not consider the time value of money, interest charges 

of loans or taxes. Equal weights are assigned to all income 

occurring before payback has been achieved. 

4. It assumes that savings generated through energy displacement 

will remain constant until the capital investment has been 

recovered. (Quirin 1967; Aplin and Casler 1973; Rachlin 1976) 

Simple Payback Considering Taxes 

In general, taxes have the effect of modifying the magnitude of 

income (savings) resulting from a decrease in energy consumption. The 

change in payback period due to a consideration of tax effects versus 

the no tax case may be significant. 

The modified simple payback with tax considerations is 

expressed as follows. 

CI*(1.0-TXCDT) 
(3.5) 

(l.O-TX)*S + TX*DEP 

where 

payback in years considering tax effects 

TX composite federal and state income tax rate; 

this factor is generally assumed to be 0.5 



TXCDT investment tax credit expressed as a fraction 

of capital investment 

DEP average yearly depreciation based on the depreciable 

life of the investment 

S gross savings as defined previously 
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In the numerator of the above equation it is assumed that the 

investment tax credit is taken in year zero. Additionally, the 

equation assumes that the overall tax liability of the cogenerat0r is 

sufficient to allow the total credit to be taken without carryover to 

a following year. The depreciation factor (DEP) shown in Eq. 3.5 is a 

yearly average amount based on the depreciable life of the property for 

tax purposes, i.e., 

DEP = CI/ACTLIF (3.6) 

where ACTLIF represents the depreciable life in years. Although the 

payback parameter (Ps,t) derived above gives a more accurate repre

sentation of the actual time requested to recover invested capital, it 

is still characterized by most of the same advantages and disadvantages 

discussed in the previous section. In addition, the inclusion of the 

depreciation factor can lead to an underestimation of the payback time. 

This problem arises when the evaluation of Eq. 3.5 results in a payback 

time longer than the assumed depreciable life of the property. The 

problem is magnified as the depreciable life shortens. To deal with 

this, Eq. 3.5 can be re-written as 
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CI* (l.O-TXCDT) 
P2 = Ps t S ACTLIF 

(l.O-TX)*S + TX*DEP 
, 

REMINV 
P2 = ACTLIF + 

(l.O-TX) * S 

where 

REMINV = (l. O-TXCDT) * CI 

TX*CI 
-ACTLIF*[(l.O-TX)*S + ] Ps t > ACTLIF 

ACTLIF 
, 

Discounted Payback and Return on Investment 

The discounted payback is defined as the time required for the 

sum of the present-valued yearly after-tax cash inflows to equal the 

capital investment. The discounted payback takes into consideration 

the time value of money and variations in yearly cash flows. The form 

of the discounted payback utilized in the present study is briefly 

outlined below. 

Assume that a quantity of purchased fuel has a year zero price 

represented by Cg,o. The present value, pv{Cg}, of that same quantity 

purchased in year i is given by 

pv {Cg,i} = C * -I 
[ 

(,1:.0 + ESCgL li 

g,o (1.0 + DSCNT)J 
(3.7) 

where ESCg is the applicable price escalation rate for the fuel and 

DSCNT represents the discounting rate. For the conventional system, 
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the present value of operational expenditures in year i can be 

represented as 

where Ce ' Co' Cg and Com refer to yearly expenditures for electricity, 

fuel oil, natural gas and operation and maintenance, respectively. 

Similarly, the operational expenditures for the cogeneration system may 

be found from 

pv {CGNi } = pv {C'e i} + pv {C'o i} + pv {C'om,i} - pv {Ri} (3.9) , , 
where Ri represents any revenues received in year i due to the sale of 

power to the utility or other off-site user. The present value of the 

cash savings pv {SAVi } for the cogeneration system as compared to the 

conventional system is given by 

(3.10) 

Equation 3.10 represents a before-tax cash flow. 

In most cases, a portion of a required capital investment will 

consist of borrowed capital. If the fraction of the total required 

investment borrowed is specified by LONFRC, then the annual payment 

(LONPMT) required to retire the loan is given by 

LONPMT = LONFRC * CI • CRF (3.11) 

where CRF is the capital recovery factor evaluated at the applicable 

loan interest rate and loan period. A portion of the loan payment 

consists of interest which is tax deductible. If the loan interest in 

year i is represented by INTi and the amount of depreciation for tax 
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purposes is represented by DEPi , the present value of taxable income in 

year i will be determined by 

pv {TXINCi } = pv {SAVi} - pv {DEPi} - pv {INTi} 

- pv {REPi} + pv. {SALN} 
(3.12) 

where REP i represents an expenditure in year i for major repair or 

replacement. The term SALN represents an income due to salvage where N 

is the last year of system life. Replacement costs and salvage value 

may be specified in terms of year zero amounts and escalated at a 

specified general rate of inflation. 

The taxable income shown by Eq. 3.12 is used to determine the 

tax liability in the ith year. A portion of the tax liability may be 

offset by an investment tax credit. In general the tax credit, if 

available, is taken at the end of the first tax year of operation. 

However, tax credits can be taken after the first year of operation and 

can be applied against the general tax liabilities of the company. If 

the tax credit is greater than current liabilities they can be carried 

forward for 15 years and back for three years (Department of the 

Treasury 1981). If the available credit is greater than the total tax 

liability for the first year, the unapplied credit may be carried 

forward to following years. Using Eq. 3.12 the total tax liability in 

year i is found from 

pv {TAXi} = pv {TXINCi*TX - TXCDT * CI} (3.13) 

Combining Eqs. 3.10 through 3.13 the present value of after tax 

income for the cogeneration system in year i can be found from 



pv {AFTAXi } = pv {SAVi} - pv {LONPMTi} - pv {TAXi} 

- pv {REPi } + pv {SALi} 
(3.14) 
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The discounted payback Pd is defined as the value of i at which 

the sum of all after-tax inflows is equivalent to the equity portion of 

the investment, i.e., 

(1.0-LONFRC) * CI = (3.15) 

Additionally the yearly return on the zero year equity investment is 

defined as 

ROl i = pv {AFTAXi} /«1.0-LONFRC) * CI) (3.16) 

and the average lifetime return on the equity investment is given by 

N 
l/N * E pv {AFTAXi } /«1.0-LONFRC) * CI) 

i=l 

where N is defined as the system life. 

(3.17) 

While the discounted payback is a significant improvement over 

the payback methods previously described the concept has some limita-

tions. First, the discounted payback considers only those income 

streams occurring until payoff is achieved. It does not reflect 

continued profitability of the inves~ment. Second, the payback time 

determined by Eq. 3.15 will be heavily dependent upon the assumed 

escalation and discounting rates. Aplin and Casler (1973) indicate 

that, in most cases, the appropriate discount rate should approximate 

the investor's cost of capital. Furthermore, the cost of capital 
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should reflect "a long run weighted average based on both debt and 

equity sources of capital. not interest expense on borrowed money 

as an accountant usually views it." The selection of proper discount 

rates and the projection of escalation factors for commodities such as 

fuel oil introduce uncertainties in the projections. The difficulties 

of application can be observed through a sensitivity examination of the 

paybacks obtained for a range of discount and escalation rates. The 

proper interpretation of the results remains a managerial judgement. 

The average return on investment, as defined above, accounts 

for cash flows throughout the life of the project and reflects the 

year-by-year return earned on the equity investment. Like the 

discounted payback, it is strongly dependent upon the discount and 

escalation rates selected. Additionally, it is a simple return on 

equity and does not reflect any growth of return obtainable through the 

reinvestment of earnings. 

The Internal Rate of Return (IROR) 

The internal rate of return is a popular present valuing 

technique known variously as 'the marginal efficiency of capital' 

(Quirin 1967),the 'yield of an investment' (Bierman and Smidt 1960), 

and 'the discounted cash flow method' (Rachlin 1976; Sweeny 1979). It 

has been defined as "the rate of discount that will make the present 

value of the cash inflows expected from an investment equal to the 

present value of the cash outlays required by the investment" (Aplin 
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and Casler 1973). For the cogeneration investment, it can be found by 

determining the discount rate at which 

(1.0-LONFRC) * CI (3.18) 

The internal rate of return was suggested as an economic analysis 

methodology in the 1950's by Dean (1951, 1954) and others (Reul 1955, 

1957; Weaver and Reilly 1956). Since then it has become widely used as 

an investment analysis tool. 

There are a variety of interpretations regarding the signif-
I 

icance of the rate of return found through solution of Eq. 3.18. 

Bierman and Smidt (1960) suggest that the internal rate of return 

"represents the highest rate of interest an investor could afford to 

pay, without losing money, if all the funds to finance the investment 

were borrowed and the loan (principal and accrued interest) was repaid 

by application of the cash proceeds from the investment as they were 

earned." Smith (1973) states that the term 'internal' "emphasizes that 

we limit ourselves to consideration of project earnings only and 

disregard the rate of earnings on cash flows (cash throwoff) 

re-invested in other projects." 

In a detailed examination of the characteristics of IROR 

method, Rapp (1980) has summarized the perceptions most commonly cited 

as favoring its use: 

1. It is easy to understand the internal rate of return and to 

compare it with the rate of return quoted by a bank. 



2. The internal rate of return can be used without any previous 

knowledge of the capital market. 

3. The internal rate of return is approximately the same as the 

return per time unit per unit invested. 

80 

4. A close relationship is believed to exist between the growth of 

the firm and the internal rate of each project. 

5. The internal rate of return method is perceived to be neutral 

with respect to investments with different capital intensity. 

6. The internal rate of retur"n method is believed to be neutral 

with respect to investments with different service life. 

7. The internal rate of return method is believed to be neutral 

with respect to calculating in current or fixed prices. 

8. The internal rate of return method is believed to take risk 

into account. 

(Rapp 1980) 

In spite of its widespread use, the IROR approach frequently 

exhibits some serious limitations. Rapp (1980) has summarized the 

major criticisms of the method as follows: 

1. An investment project can have none, one, or more than one 

internal rate of return. 

2. The ranking between two projects according to the internal rate 

of return method may change due to linear transformations of 

the payments. 
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3. The internal rate of return method is not neutral with respect 

to investments with different capital intensity. 

4. The internal rate of return method is not neutral with respect 

to investments with different service life. 

5. The internal rate of return method is not neutral with respect 

to investments with different price trends. 

6. The internal rate of return method does not take risk into 

account. 

7. There is no trivial or simple direct relation between the 

internal rate of return of an invest~ent and the growth of a 

firm. 

8. In some situations, the internal rate of return can be very 

sensitive to small changes in different variables. For 

example, small changes in operating receipts and/or service 

life can have a considerable effect on the internal rate of 

return. 

Probably the most frustrating aspect of the IROR is cited in 

(1) above. The problem of the lack of a root or the existance of 

mUltiple roots in Eq. 3.18 is well documented in the literature. While 

Smith (1973) indicates that "for nearly all realistic problems in 

economy studies there exists one and only one solving rate of return" 

experience with the analysis of cogeneration economics would indicate 

that this is quite often not the case. It is, in fact, quite easy to 

construct economic scenarios in which no or multiple solutions to Eq. 
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3.18 exist. Such cases occur primarily when there exist two or more 

reversals in the sign of the project cash flows although in such cases 

a single solution may still exist (Rapp 1980; Dickinson and Brown 

1979). In the analysis of cogeneration the selection of high values of 

fuel cost escalation rates, high loan fractions or salvage values will 

frequently invalidate the IROR approach. Whether these assumptions 

violate Smith's criteria for a realistic economy study is judgemental. 

Additionally it is felt that the inordinately high values of the IROR 

sometimes encountered may be misleading to the analyst since they do 

not truly reflect the return on investment. In spite of the 

difficulties associated with interpretation and solution of the 

internal rate of return method it has been included in this study 

primarily because of its wide spread use in industrial economic 

decision making. 

Growth Rate of Return (EROR) 

Another method, not as commonly used, which corrects the 

multiple root problem of the internal rate of return is referred to as 

the growth or 'external' rate of return. It is the compound interest 

rate at which the future worth of all cash outflows (including the 

initial capital investment) equals the future worth of all inflows 

(savings). In terms of the system economics presented, it is the 

interest rate EROR at which 



N 
~ pv {AFTAXi } * (l.O+R)N-i 

i=l 

N 
= [(1.0-LONFRC)*CI + ~ pv {LOSSi } ] (l.O+EROR)N 

i=l 
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(3.19) 

where R is the average after-tax rate of return which the company earns 

on investments, and LOSS i represents a net cash outflow for the system 

occurring in year i. It is important to note that the left side of Eq. 

3.19 represents a re-investment of the present valued yearly after tax 

inflows only. Each yearly inflow is assumed to be re-invested at the 

company's average earning rate until project termination. If 

pv{AFTAXi } is negative then 

pv{LOSS i } = pv{~TAXi} 

and the net loss for that year is treated as an investment 'and included 

in the summation on the right in Eq.3.19. 

The external rate of return has a number of inherent ad van-

tages. It is easily understood and encompasses important cash flow 

considerations such as time value, inflation, and tax effects; and 

unlike the internal rate of return, it is not subject to multiple 

roots. Like other present value methods, a judicious selection of 

escalation as discounting factors is required. Since the total return 

of the project is dictated by the rate at which the profits (savings) 

are re-invested. An improperly high projection of this rate can lead 

to misleading results. 



CHAPTER 4 

OVERVIEW OF THE SIMULATION ANALYSIS PROGRAM 

An important aspect of the present study is the development of 

the computer model COGEN which has been used to perform the sensitivity 

study presented in Chapter 5 and as a basis for the development of the 

simplified analysis technique presented in Chapter 6. COGEN is a 

FORTRAN language interactive computer program which enables the user to 

model the critical thermodynamic and economic operating characteristics 

of a number of common types of cogeneration systems. COGEN is composed 

of five interacting FORTRAN programs, each of which is responsible for 

a major aspect of the analysis process. 

Figure 4.1 presents a simplified block diagram of the primary 

programs comprising the model package. Each of the programs has been 

designed to run independently as a means of increasing program 

flexibility and efficiency. Interprogram communication is achieved 

through the passing of intermediate data files. The five major 

programs are briefly described below. 

URATES 

The URATES computer program allows the user to model common 

forms of utility rate structures. URATES creates a utility rate 

structure data file which is used to calculate the cost of electricity 

purchases by the conventional system and purchases and sales by the 
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cogeneration system. The types of rate structures which can be modeled 

include: 

Simple Block Energy Rate - a block rate structure which specifies 

costs on the basis of dollars per kilowatt hour. The block 

form allows an assignment of price to up to fifteen energy use 

blocks. Up to twelve different rate periods per year can be 

designated. 

Simple Block Demand Rate - a block rate structure allowing 

specification of demand costs on the basis of dollars per 

kilowatt. Up to fifteen demand blocks per rate period are 

allowed. Up to twelve rate periods per year are allowed. 

Combined Energy/Demand Rate - combines the attributes of the simple 

block demand and energy rate structures. The demand and energy 

charges are applied simultaneously. The same restrictions 

apply. 

Time Differentiated Rates - allows specification of energy cost 

(dollars per kilowatt hour) according to time of day. Up to 

twenty-four different rate periods are allowed per day. Up to 

twelve different rate structures are allowed per year. 

The URATE~ program prepares a data file which is read by 

the COSTS program. 

PLOADS 

The PLOADS program enables the user to model the electric and 

process heat demand of the facility. In the simplest case, electric 
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and process heat load curves are specified for each hour of a 

twenty-four hour day for each of twelve months of a representative 

year. For more complex load shapes, the user may specify the hour by 

hour loads for each of three representative 'load-days' per month. 

Monthly loads are then specified by indicating the number of days per 

month that each load-day is effective. Usin~ this method, almost any 

commonly occurring load profile can be modeled, including shift, 

seasonal and vacation schedules. The PLOADS program creates ~ data 

file which is read by the SYSTEMS program. 

SYSTMS 

The SYSTMS program thermodynamically models each of five common 

process systems including 

1. 'base' non-cogenerating system 

2. steam back pressure turbine cycle 

3. single extraction condensing steam turbine cycle 

4. combustion gas turbine cycle 

5. diesel or natural gas internal combustion engine cycle. 

The thermodynamic models used to simulate the performance of 

the boiler in the conventional system and the steam turbines and 

internal combustion engine in the cogeneration systems are based upon 

performance equations developed for Argonne National Laboratory. A 

number of studies were performed examining the characteristics of prime 

movers suitable for cogeneration under the Integrated Community Energy 

Systems Technology Evaluation project (Blazek, Baker and Tison 1979; 
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Farahan 1977; Meador 1978; Farahan and Eudaly 1978; Segaser 1977; 

Donakowski and Tison 1979). The performance (average efficiency, 

exhaust rates, fuel use, etc.) parameters as a function of required 

unit size have been utilized in the development of the computer model. 

Process steam conditions (enthalpy, temperature, pressure relation

ships) are based upon computer models obtained from Delene (1973). The 

gas turbine model is based upon performance data supplied by the 

manufacturer for each particular turbine analyzed. Performance 

characteristics are read from a turbine description data file before 

execution of the simulation. 

Each system may be run in either a thermal or electric ~racking 

mode in order to match either the steam demand or electric requirements 

of the facility. The program output details excess and deficits in 

steam and electric production along with hourly fuel consumption and 

efficiency. For the gas turbine system, either one or two turbines may 

be specified along with an auxiliary steam boiler. The internal 

combustion engine cycle tracks steam generation from both the engine 

exhaust and cooling jacket. The SYSTMS program passes hourly energy 

consumption data by month to the costing program, COSTS. 

COSTS 

Program COSTS integrates utility rate structures created by 

URATES with the systems energy production and consumption data produced 

by SYSTMS to develop a cost accounting of energy purchases and sales. 

Fuel prices are specified on a dollar per million Btu basis for natural 
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gas, diesel and boiler fuel. Electricity cost is calculated by 

matching energy import/export to one of three electric rate structures 

in effect for (1) purchases of electricity by the conventional system, 

(2) purchases of electricity by the cogenerating system, and (3) sales 

of electricity to the utility or other user by the cogenerating system. 

The COSTS program produces detailed reports of energy consumption and 

cost by month for both fuel and electricity. Data on annual fuel and 

electric expenses in the base and cogeneration systems are passed to 

the life cycle economics program. 

ECON 

The ECON program performs a life cycle economic analysis of the 

cogeneration system. Using costing data from program COSTS, ECON 

calculates simple and discounted payback, net present value, average 

yearly return on investment, internal rate of return and external rate 

of return. The output of ECON details the yearly cash flows structure 

including loan, tax and engineering costs. The economic analysis is 

discussed in greater detail in Chapter 5. 



CHAPTER 5 

ECONOMIC FACTORS INFLUENCING THE FINANCIAL 
VIABILITY OF COGENERATION 

The result of any economic analysis, particularly one involving 

forecasting, is highly dependent on the values assigned to the economic 

variables. While all such studies contain uncertainty, the examination 

of cogeneration systems involves factors which contribute to a greater 

degree of uncertainty than might otherwise be encountered. 

Specifically: 

(a) Cogeneration systems vary widely in design and therefore in 

cost. The required capital investment is largely influenced by 

site specific requirements. The addition of pollution control 

or noise abatement equipment, for example, will markedly 

increase the installed cost. 

(b) The value of fuel and electricity, the primary factors which 

determine operation expenses, vary widely on a regional basis. 

(c) The estimation of operation expenses is further complicated by 

the requirement to project the future costs of fuels and the 

behavior of general inflation during the system life. 

(d) Companies vary in their approach to financing and the 

specification of acceptable return on investment. 
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This chapter presents the results of a sensitivity study for a 

tepresentative cogeneration system. Pertinent economic factors are 

defined on the basis of historical trends and current data. Important 

variables related to the economic viability of the system are examined 

to determine their relative influence on profitability. 

Summary of Economic Variables 

The economic variables in the cogeneration system analysis can 

be broadly classified into four categories as follows: 

1. Costs related to the operation of the conventional system 

(steam production and purchased electricity) which the 

cogeneration system is to replace. These consist of the 

following: 

Ce,o - cost of electricity purchased in year zero ($/yr) 

2. 

Cg,o - cost of natural gas purchases in year zero ($/yr) 

Co,o - cost of fuel oil purchases in year zero ($/yr) 

Com,o operation and maintenance expenses in year zero ($/yr) 

The costs of the capital investment and financing of the 

cogeneration system. These include: 

CI - total installed cost of the cogeneration system ($/kW) 

LONFRC - fraction of capital investment which is borrowed 

LONPER - period of the loan in years 

LONINT - loan interest rate 

TX - composite federal and state income tax rate 

TXCDT - investment tax credit rate 
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ACTLIF - depreciation life for tax purposes (years) 

DEPTYP - depreciation schedule employed 

DSCNT - discount rate 

AVGROI - average company return on investment 

SALFRC - end of life salvage fraction 

N - system life (years) 

3. Operational expenses associated with the cogeneration system, 

including: C'e,o, C'g,o, C'o,o - cost of electricity, natura~ 

gas and fuel oil purchased in year zero. 

Ro - revenues in year zero due to sale of excess 

electricity by the system 

OMFRC - yearly operation and maintenance expenses 

REPFRC - cost of major overhaul or changeout 

REPYR - year of overhaul 

4. Price escalation factors: 

ESCe - for purchased electricity 

ESCR - for exported electric sales 

ESCg - for natural gas 

ESCo - for fuel oil 

ESCom - for operation and maintenance 

ESCgen - general composite escalation factor 

These factors and assumptions will be discussed in more detail below. 
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Conventional System Costs 

The conventional system is assumed to consist of a standard 

steam boiler and purchased electricity. Operational expenses for this 

system are comprised of the cost of purchased electricity, the cost of 

fuel to operate the boiler, and operation and maintenance. 

The costs of natural gas, diesel fuel, #2 fuel oil or other 

selected boiler fuel are assumed to be the same (per unit purchased) as 

those of the cogeneration system and will be discussed in further 

detail below. Boiler operation and maintenance (excluding fuel) is 

assumed to cost $1.37 per thousand pounds of generated steam (Blazek, .. 
Baker and Tison 1979). This cost is derived essentially from the 

purchase and treatment of feedwater and has been assumed to be 

equivalent for both the conventional and cogeneration system. The 

capital expenses associated with the conventional system are not 

considered. Therefore the cogeneration system will be competing with 

only the conventional system fuel and O&M costs. This represents a 

conservative economic scenario. 

Cogeneration System Costs 

Capital Investment and Financing Costs 

Capital Investment (CI): CI is the total year zero cost for 

the cogeneration system expressed in dollars per installed kilowatt. 

This initial investment includes the cost of the prime mover (gas 

turbine, diesel engine, etc.), the electric generator set, 

environmental controls and all associated materials such as pumps, 



piping and e1ectrica1s. Included also are site preparation and 

contingency fees. 
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The literature contains numerous references to the total $/kW 

costs of installing cogeneration systems. These costs vary widely by 

system type and design. Farahan and Eudaly (1978) present a cost 

versus shaft horsepower relationship for simple cycle and regenerative 

gas turbines. The Thermoelectron Corporation presents data for simple 

cycle gas turbine and diesel based cogeneration systems as a function 

of pounds per hour steam production in Noyes (1978). Various other 

cost information for gas turbines and diesel engines may be found in 

Ger1augh et a1. (1980), Segaser (1977), Solt (1981), Streb and Harvey 

(1978), Reay (1979), Icerman et al. (1981), and others. An excellent 

presentation of the breakdown of costs involved in gas turbine and 

diesel engine cogeneration systems can be found in Wilkinson and Barnes 

(1980). 

A review of the data presented in the foregoing (corrected for 

inflation at 8%/annum) indicates that installed costs for diesel 

engines range from approximately $300 to $1040/kW. For gas turbines 

the costs range from approximately $600 to $1000 per installed 

kilowatt. While the highly site specific nature of cogeneration 

systems precludes generalization of systems costs to any great degree, 

the costs cited above would appear rather low when compared to values 

currently being used for system cost estimations. Private information 

obtained from engineering consultants involved in cogeneration system 

analysis indicates that gas turbine costs range from $1000 to 



$1500/installed kilowatt and diesel engines approximate $1250 to 

$1750/kW (Lobit 1982). Costs are dependent upon unit capacity due to 

the effects of economy of scale and greatly depend upon the degree' of 

pollution control and noise abatement necessary, as well as utility 

system intertie and site modification requirements. 
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Loan Fraction (LONFRC): LONFRC represents the portion of the 

initial investment pr~vided by debt capital. This factor enters into 

the analysis in two ways. First, the repayment of loan principal and 

interest will affect the discounted cash flows by reducing both before 

and after tax income. Second, the return on investment (ROI) and 

discounted payback calculations are based on the equity portion of the 

capital invested. 

The calculation of ROlon the basis of equity can in some cases 

be misleading. The difficulty with lllis assumption arises in two ways. 

First, the ratio of debt to equity will alter the cash flows and the 

calculated ROI. In many cases the profitability of a project will 

appear to increase as the proportion of debt increases. Second, for 

100% financing, such as municipal bonding, the return on investment 

would be calculated on zero equity, giving a somewhat mythical result. 

In the first case problems will arise primarily when an attempt 

is made to comparatively examine two or more projects with different 

specified loan fractions. The present study assumes, however, that the 

debt to equity ratio for all projects undertaken by a company will 

dictate the same loan fraction, a reflection of the company's overall 

debt ratio policy. For the special case of 100% financing, the return 
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on investment can be calculated on the total project capital, i.e., the 

amount of the loan. 

The debt to equity ratio varies from company to company, 

dependent upon the philosophy of its financial management. A repre

sentative value may be derived by examinating a cross section of 

companies. The ratio of long term debt to total invested capital has 

been examined for fifty large corporations having incomes ranging from 

38 million to 8 billion dollars ~er year (Standard and Poors 1981). 

The percentage of long term debt for these firms ranged from a low 

value of 0.7% to a high value of 68.7%. The average for the fifty 

companies was found to be 30.35%. As a result, a value of 0.3 has been 

adopted for this study as the representative value of the loan 

fraction. A further discussion of the role of debt and equity in 

financing, can be found in Aplin, Casler and Frances (1977) or Sweeny 

and Rachlen (1981). 

Loan Period (LONPEK): LONPER represents the time period for 

which debt capital is borrowed. This period will depend largely upon 

the policies of the lending institution and financial position of the 

borrower. An indication of current trends in lending may be found from 

an examination of Federal Reserve information. Table 5.1 shows the 

weighted average maturity of long-term commercial and industrial loans 

issued by United States commercial banks during the period 1978 through 

May 1982. The data is summarized by quarter for loans in three size 

ranges. While there is some trend to longer loan periods for larger 

size loans the difference is small. The data reveals that the average 



Table 5.1 Weighted Average Maturity of Long Term Commercial 
and Industrial Loans (Feb. 1978-May 1982) 
(U. S. Federal Reserve System, various dates) 

.. 
Loan Size ($1,000) 100-499 500-999 1,000+ 

Reporting Maturity a Maturity a M . a aturl.ty 
Period (months) (months) (months) 

May 82 50.1 43.3 51,8 

Feb 82 39.7 43.0 56.0 

Nov 81 34.0 37.1 41.8 

Aug 81 39.2 48.7 63.5 

May 81 53.1 43.8 52.2 

Feb 81 61.8 40.1 48.2 

Nov 80 34.4 40.6 49.6 

Aug 80 55.1 43.9 47.9 

May 80 44.6 42.4 44.2 

Feb 80 42.8 50.9 45.1 

Nov 79 39.0 35.7 56.7 

Aug 79 45.4 51.2 44.5 

May 79 58.5 47.3 47.6 

Feb 79 51.0 57.2 49.6 

Nov 78 44.4 42.1 49.6 

Aug 78 47.2 57.7 47.4 

May 78 40.5 41.0 56.7 

Feb 78 39.0 45.5 49.1 

Average by Size 45.5 46.1 50.1 

Average for All Sizes 46.9 

~eighted Average Maturity 
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maturity for all loan sizes over the four year reporting period is 46.9 

months. The value selected for the economic analysis is four years. 

Loan Interest (LONINT): Selection of a value for the loan 

interest rate has been based upon an examination of the weighted 

average interest rate charged customers by U. S. commercial banks for 

long term commercial and industrial loans for the period 1978 through 

May 1981. The data, summarized in Table 5.2, displays the weighted 

average interest rate charged against loans within three rangeb of loan 

size. The table also shows the value and effective date of the 

previous prime rate quote closest to the interest rate reporting 

period, along with the average prime rate for the corresponding month. 

The average differential between the monthly average interest rate and 

the monthly average prime rate is 0.92% for loans in the $100,000-

$499,000 range, 0.61% for loans in the $500,000-$999,999 range, and 

0.27% for loans greater than $1,000,000. In this study, the loan 

interest rate is based upon the most current prime rate plus 1.0 

percent. The baseline value of the loan interest rate has, 

accordingly, been set at 17.50%. 

Income Tax (TX): TX represents the composite state and federal 

income tax rate paid by the investing company. A value for this 

parameter has been selected through examination of the effective tax 

rate of fifty large corporations randomly selected from listings of the 

New York Stock Exchange (Standard and Poors, 1981). (Effective Tax 

Rate is defined as the actual income tax charges divided by net income 

before taxes.) The effective tax rate for the companies examined 



Table 5.2 Weighted Average Interest Rates and Corresponding 
Prime Rate for Long Term Commercial and Industrial 
Loans (Feb. 1978-May 1982) 
(U.S. Federal Reserve System, various dates) 
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Prime Rateb 
a Reporting Effective Date 

yr Period : % 

Prime Rate 
Average for 
Month, % 

Weighted Average Interest 
Rate % Per Annum By Loan 
Size ($1,000) 
100-499 500-999 1,000+ 

82 May 3-8 

Feb 1-6 

81 Nov 2-7 

Aug 3-8 

May 4-9 

Feb 2-7 

80 Nov 3-8 

Aug 4-9 

May 5-10 

Feb 4-9 

79 Nov 5-10 

Aug 6-11 

May 7-12 

Feb 5-10 

78 Nov 6-11 

Aug 7-12 

May 1-6 

Feb 6-11 

May 

Feb 2 

Nov 3 

Sep 15 

May 4 

Feb 3 

Nov 6 

Ju1 25 

May 7 

Feb 19 

Nov 1 

Aug-16 

Jun 19 

Dec 26 

Nov 6 

Aug 31 

May 5 

Jan 10 

16.50 

16.50 

17.50 

20.00 

19.00 

19.50 

15.50 

11.00 

17.50 

15.75 

15.25 

12.00 

11.50 

11.75 

10.75 

9.25 

8.25 

8.00 

Average Differential by Sizec 

16.50 

16.56 

16.84 

20.50 

19.61 

19.43 

16.06 

11.12 

16.57 

15.63 

15.55 

11.91 

11.75 

11.75 

10.94 

9.01 

8.27 

7.93 

17.59 

17.58 

21.22 

20.70 

19.34 

19.31 

15.29 

12.57 

18.64 

15.40 

15.66 

12.82 

11.80 

12.25 

11.93 

10.35 

10.29 

9.37 

.92 

17.29 

16.93 

18.52 • 

21.45 

19.48 

20.48 

15.20 

12.26 

18.62 

15.70 

15.43 

12.91 

12.90 

11.93 

11.58 

9.38 

9.11 

8.87 

.61 

16.69 

16.15 

20.65 

19.23 

19.14 

14.95 

11.31 

18.30 

15.24 

15.81 

12.02 

12.48 

12.02 

11.09 

9.96 

9.15 

8.81 

.27 

~ased upon a survey of loans made during the quoted reporting period. 

bpercent per annum charged by banks on short term business loans, 
closest available date to reporting period. 

18 
cAvg • Differential = r (wtd. Avg. into - prime)/18. 

1 
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varied from zero to sixty percent. The average for the fifty selected 

firms was 42.2%. The rate assumed for the economic analysis is 43.0%. 

Tax Credit (TXCDT): Two types of investment tax credits are 

available to firms investing in cogeneration equipment. The first is a 

regular federal investment tax credit equal to 10% of the qualifying 

investment. In order for property to be eligible for the full credit 

it must have a depreciable life in excess of three years, which is 

applicable for cogeneration equipment. The regular investment tax 

credit available in anyone year is limited to either (a) that year's 

tax liability or (b) $25,000 plus 90% of the tax liability in excess of 

$25,000, whichever is less (U. S. Internal Revenue Service, 1981a). 

Cogeneration equipment is also eligible for an additional 10% 

'energy property' investment tax credit if it meets certain guidelines. 

A cogeneration system does not qualify for the additional tax credit if 

it "uses oil or natural gas. or a product of oil or natural gas, as a 

fuel for any purpose other than startup, flame control, or back up. 

Systems also fail to qualify if "more than 20%, determined on a Btu 

basis, of the fuel for the system for any tax year is oil or natural 

gas" (U. S. Dept. of the Treasury, Rev. 1981). Under these guidelines, 

conventional gas turbine and diesel engine based cogeneration systems 

do not qualify for the additional 10% credit. Systems may qualify if 

they employ steam generated through the use of alternative fuels such 

as biomass. The energy property credit is limited in anyone year, to 

the amount of the tax liability. Unused credits may be carried forward 

to the following fifteen tax years (U. S. Internal Revenue Service, 



101 

1981b). In cases where the cogenerator is unable to take full 

advantage of the available tax credit, it may be possible to sell or 

transfer credits to another company (Huyck, 1982). This analysis 

assumes a baseline value of 10% for the effective tax credit. 

Depreciation (DEPTYP, ACTLIF): Prior to 1981, a variety of 

methods were allowed for computing the depreciation of an asset. These 

included the straight line, sum-of-the-years-dlgits and double 

declining balance methods. However, for property placed in service 

after December 31, 1980, depreciation must generally be computed under 

the accelerated cost recovery system (ACRS). Under A.C.R.S. property 

is classified according to depreciable lifetimes of 3, 5, 10 or 15 

years. Each lifetime has a specified associated depreciation schedule 

which must be used. 

In general, the gross income of a firm investing in a cogener

ation project would be expected to be sufficient to allow the deduction 

of all credits and ~djustments to income without contributing to a net 

operating loss. Such net operating losses are subject to rather 

complex adjustments under Internal Revenue Regulations. For the 

current study, cogeneration systems are assumed to fall within the five 

year ACRS lifetime category and any net operating loss incurred is 

assu~ed to be subject to the fifteen year carry-forward option (U. S. 

Internal Revenue Service, 1981a; 1981c). 

Discount Rate: Probably the most important aspect of a 

discounted cash flow analysis is the selection of the proper discount 



rate. No clear methodology is universally accepted and the final 

specification remains a management decision. 
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The discount rate can be viewed as management's assessment of 

the composite rate of return which a project must achieve before the 

investment of capital is deemed favorable. It is in this sense that 

the discount rate is often referred to as a 'hurdle rate' for capital 

investment. In arriving at a value for the discount rate, management 

will generally consider 

(a) the value of the required capital as indicated by its best 

available alternative use, 

(b) the loss of value expected to occur in the recovered funds 

(profits) due to inflation, and 

(c) the return required to justify acceptance of the risk 

associated with the investment. 

The portion of the discount rate attributable to (a) above 

must, at the very least, account for the company's cost of capital. 

Aplin, Casler and Francis (1977) point out that to be appropriate it 

should be "a weighted average. • • which reflects the cost of all 

forms of financing that the firm uses." Application of this approach 

necessitates determination of the cost associated with debt and each 

source of equity (stocks, retained earnings, etc.) contributing to the 

firm's overall capital structure. Such an evaluation is difficult even 

for an individual company, making the determination of a generally 

applicable value fairly speculative. However, it is important to 



recognize that the cost of equity should be set considerably higher 

than the cost of borrowed funds. 
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The weighted cost of capital thus derived represents a break

even cost without consideration of profit. To represent a minimal 

acceptable rate of return the weighted average could be adjusted upward 

to approximate an 'opportunity cost,' i.e., the potential return 

obtainable through reinvestment of the funds, either internally or 

externally to the company. The magnitude of such an adjustment will be 

dependent upon the possible opportunities available. 

In addition to accounting for the time value of money, the 

discount rate is often used by management to discriminate against 

projects which are perceived to exhibit substantially greater risk than 

that associated with 'business as usual.' Such an adjustment is based 

upon the common perception that as the risk of a venture increases, so 

must the magnitude of the potential return. 

Hertz (1979) indicates that perceptions of risk are "influenced 

both by the odds on various events occurring and by the magnitude of 

the rewards or penalties that are involved when they do occur. 

Discussion with businesses during the present study have indicated that 

risk perceptions in cogeneration are closely associated with the belief 

that the production of electricity lies outside the primary business 

function. The generation and potential sale of electricity is viewed 

more as a business endeavor than as an energy saving technique. The 

problem is compounded by a reduction in the value of the potential 

r~ward (energy saved) as a result of the tendency for businesses to 



104 

pass higher energy costs on to consumers. As a result "most companies 

set the expected rate of return from energy saving investments at a 

level about twice as high as that for mainstream business investments" 

(Hatsopoulos et al., 1978). 

The attribution of risk to the cogeneration of electricity 

could imply a distrust in the technology. This would appear spurious 

in light of the high degree of reliability exhibited by well designed 

systems. The primary risk associated with implementatiun of cogener

ation lies not with the functional aspects of the system but rather 

with the uncertainty associated with energy prices and escalation. A 

more rational approach to risk assessment would be through an 

examination of the probability of occurrence of certain combinations of 

fuel price and escalation as opposed to adjustment of the discount 

rate. Accordingly no such adjustment in the discount rate is assumed. 

A detailed examination of risk evaluation in energy intensive 

industries has been performed by the U. S. Department of Energy (1977). 

For the sensitivity study, the baseline value of the discount 

rate is set at 15%. Since general inflation was assumed as 8% and 

since the rate of return indicators account for loan effects, this 

value represents an after tax cost of capital of 7%, unadjusted for 

risk. 

System Life (N): In the context of the present study, system 

life represents the ~conomic life for analysis purposes and not 

necessarily the mechanical lifetime of the equipment. While the system 

life thus defined obviously must consider mechanical lifetime, it will 
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be influenced more by the balance between a minimum required economic 

lifetime and increasing uncertainty associated with long range fore

casting. Mackay (1979) indicates that, depending upon maintenance, 

typical gas turbines may be expected to operate for 30,000 to 35,000 

hours before a major overhaul is required. Assuming an 80% load 

factor, it is expected that the equipment would be in service for a 

minimum of ten years, including one major power section exchange. 

Baumann (1981) reports that a number of diesel engine based cogener

ation systems have operated in excess of ten years, with one 

approaching eighteen years of service. Lobit (1982) reports that a 

common economic lifetime for cogeneration systems analyses is 15 years, 

while Anderson (1982) has indicated that most studies are done on a 25 

year basis. 

Considering the uncertainty associated with the prediction of 

fuel costs and escalation and in light of the foregoing comments, a 

system life of ten years is felt to be conservative. 

Salvage Fraction (SALFRC): Little data is available concerning 

the retirement characteristics of cogeneration systems. While the 

system life has been specified as ten years, it is believed that the 

installation will continue to be operated as long as it is economically 

worthwhile. In the absence of reliable salvage value data, the salvage 

fraction has been specified at a conservative value of 0.0%. 

Operation and Maintenance: The economic analysis incorporates 

operation and maintenance expenditures in two ways. First, a yearly 

expense is assessed to cover continuous and relatively minor 
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maintenance. This may be specified either in terms of a fraction of 

capital investment or as a function of generated kilowatt hours. The 

former method has been used in a number of studies (EPRI 1981, 

Wilkinson and Barnes 1980, Resource Planning Associates 1977) but is 

considered deficient for the present examination due to its failure to 

account for a decrease in O&M for load factors less than 1.0. Utili

zation of a constant annual O&M cost also has the effect of perturbing 

the results obtained for the various payback parameters when the system 

is only partially loaded. In this study zero year O&M expenses are 

based on a cost per kilowatt-hour generated. For gas turbines, Mackay 

(1979) suggests that a value of 0.3 cents per kilowatt hour for 

operation and maintenance is conservative, while Davis et al. (1979) 

suggests a value of 0.4 cents per kilowatt-hour. The value cited by 

Mackay includes the cost of an overhaul after approximately 35,000 

hours. Utilizing other data supplied in the same reference, this would 

appear to represent an effective repair cost in year 5 equivalent to 

approximately 27% of the year zero capital investment. 

Mackay utilizes a gas turbine c'apital cost of $490/kW in 

conjunction with the above O&M cost factor. The present study assumes 

a gas turbine capital cost of approximately $l,OOO/kW. Scaling on the 

basis of the latter installed cost would indicate an operation and 

maintenance cost of approximately .61 cents/kilowatt hour generated. 

This figure is used in the present study and is in good agreement with 

data independently supplied by Lobit (1982) and Anderson (1982). 
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An alternate method is available whereby major replacement 

costs may be specified in the year of occurrence. Cost is expressed as 

a fraction of year zero capital investment, in the above case equal to 

approximately 25% assuming that change out is responsible for the major 

portion of annualized O&M costs. When using this method, the year of 

occurrence of this cost is dependent upon the load factor. Change out 

is assumed to be required after 35,000 hours of operation. 

For the diesel cogeneration system, a study performed by the 

Thermoelectron Corporation and presented in Noyes (1978) has utilized a 

maintenance cost of $.0033/kWh. Other studies have assumed values 

ranging from 2.8 to 4.6 mills/kWh (Murgatroyd 1981). In a recent study 

the Electric Power Research Institute has utilized an annualized oper

ation and maintenance expense equivalent to 7.0% of the capital 

investment. This cost excludes major overhaul, indicated to be 

required after approximately 25,000 hours of operation, at a cost of 

50% of the initial capital investment. If one assumes a capital cost 

of $1000/kW this is equivalent to 2.0 cents per generated kilowatt 

hours. The latter figure has been indicated as substantially correct 

by Baumann (1982). 

Energy Costs and System-Related Escalation Factors 

Determination of the life cycle energy expenses for both the 

conventional and cogeneration systems requires knowledge of zero year 

fuel and electric costs. Natural gas and fuel oil costs are specified 

in terms of dollars per million Btu on a lower heating value basis. 
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The cost of electricity is based u~on a combination energy and demand 

charge effective for each of twelve months per year. Price escalation 

factors must be specified for the following expense categories: (1) 

natural gas, (2) fuel oil, (3) electricity purchases, (4) electricity 

sales, (5) operation and maintenance, and (6) other general expenses. 

The baseline values for energy price and escalation adopted for 

use in this study are shown in Table 5.3. Prices are based upon the 

national average price for each energy source reported for March 1982. 

Escalation factors for all sources are assumed to be 10%/year. For 

purposes of comparison, Table 5.3 shows escalation rate projections 

made by the Department of Energy. These data are produced as part of 

D.O.E.'s annual projection of future energy prices and supplies. The 

original figures, as published, are stated in constant-value 1980 

dollars excluding general inflation. In Table 5.3, the Department of 

Energy figures have been altered to include general inflation employing 

assumptions included in t?at report. Table 5.3 shows the values 

published by D.O.E. and the baseline energy cost and escalation factors 

which are utilized in the current study. 

Introduction to the Sensitivity' Study 

A number of profitability criteria have been described in 

Chapter 3 along with a discussion of some of the more important 

advantages and disadvantages associated with each. The criteria fall 

into three categories (a) payback indicators, (b) rates of return and, 

(c) net present value. 



Table 5.3 Energy Price and Escalation Rates Selected for Use in the Sensitivity Study 
and Weighted Average Escalation Rates Based on Department of Energy Projections 
(Low, Medium and High Scenarios) 

Projected Escalation 1982-1992a 
Study Value Adopted 

Commercial Sector Industrial Sector 1982 Price b 10 Year 
Low Medium High Low Medium High $/10 6 Btu Esca11ation Rate 

Distillate .1199 .1386 .1558 .1199 .1398 .1562 9.06 .10 

Natural Gas .1427 .1492 .1504 .1586 .1662 .1678 5.24 .10 

Electricity .0854 .0889 .0909 .0904 .0942 .0971 16.84 .10 

General .0685 .0685 .0685 .0685 .0685 .0685 .08 

~erived from U. S. Department of Energy Data, 1981. 

bNational Average Prices, March 1982 (Energy User News) 

.... 
o 
\0 
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The previous section has presented the economic variables upon 

which the determination of the profitability criterion are based. 

Table 5.4 summarizes the values selected for assignment to these 

variables. Together these values comprise an assumed economic scenario 

under which a feasibility study of cogeneration has been undertaken. 

This set of assumptions is referred to as the 'base-case.' 

In the following sections the results of a sensitivity study 

performed around the base case are presented. This examination has two 

objectives. The first is a determination of how changes in different 

economic variables influence the overall profitability of the system as 

reflected by each of the profitability indicators. This information 

will allow the identification of those parameters most critical to 

economic success. The second purpose of the study is an elucidation of 

the relative merits of the profitability indicators themselves. While 

each of these indicators represent commonly used economic assessment 

methods, it will be seen that in some cases they can predict signifi

cantly different results. In particular, the simple payback approach 

is found to be especially deficient. 

The sensitivity study is presented in three sections, 

addressing (a) capitalization and finance, (b) tax implications, and 

(c) costs of operation and maintenance. In each section the behavior 

of the payback and rate of return indicators is plotted as a function 

of the economic variables. Due to the similarity of results predicted 

by the simple payback and the simple payback with taxes, only the 

former indicator has been plotted in the sensitivity study. The 



Table 5.4 Sensitivity Study Values 

Capital Cost 

Loan Fraction 

Loan Period 

Loan Interest 

O&M Fraction 

Salvage Fraction 

Replacement Fraction 

Replacement Year 

Composited Income Tax 

Tax Credit 

Type of Depreciation 

Depreciable Life 

Discount Ratea 

Energy Prices 

Electric 

Natural Gas 

Distillate 

Escalation Rates 

General 

Electricity 

Natural Gas 

Distillate 

O&M 

a after tax 
b N.V. = Not Varied 

Units 

$/kW 

% 

years 

% 

$/kWh 

% 

% 

% 

% 

years 

% 

$/kWh 

$/106Btu 

$/106Btu 

% 

% 

% 

% 

% 

Baseline Range 

1000.0 

30.0 

4.0 

17.5 

.0061 

o 
o 

43.0 

10.0 

A.C.R.S. 

5.0 

15.0 

.0575 

5.24 

9.06 

8.0 

10.0 

10.0 

10.0 

8.0 

500-2000 

0.0-0.90 

4.0-10.0 

4.0-23.0 

b N.V. 

0.0-60.0 

N.V. 

N.V. 

0.0-60.0 

0.0-40.0 

N.V. 

N.V. 

0.0-30.0 

.04-.14 

3.00-7.00 

N.V. 

N.V. 

6.0-18.0 

6.0-18.0 

N.V. 

N.V. 
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variables have been altered to encompass the reasonably expected range 

of encounterable values. 

The sensitivity study is based upon the thermodynamic 

performance of a gas turbine cogeneration system configuration 

applicable to a moderate size commercial operation. The system is 

assumed to consist of a 4566 kW gas turbine unit operating in a block 

loaded mode 8,760 hours per year. Steam is generated using waste heat 

boilers. Assumed steam conditions are 250°F at 27 psia, suitable for 

use in absorption refrigeration. Assuming single effect chillers, 

steam production by turbine exhaust heat recovery is sufficient to 

provide approximately 1630 tons of cooling and 4300 kilowatts of 

electricity. The system performance has been modeled conservatively 

for this study. Actual installations could possibly generate more 

steam and electricity. The conventional system alternative has been 

assumed to have a steam boiler with 72% thermal efficiency. 

Results of the Sensitivity Study 

Four variables related to system financing have been examined. 

These are (1) installed capital cost expressed in dollars per kilowatt, 

(2) the fraction of the total capital investment leveraged, (3) the 

interest paid on the loan, and (4) the length of time for loan 

repayment. Of these four factors, the capital investment has the 

greatest effect on profitability. 
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Capital Investment 

Figure 5.1 displays the behavior of the two payback indicators 

as a function of the value of the total capital investment. For the 

range of most likely system costs, (~$1000 to $1500 per installed 

kilowatt) both of the indicators project payback periods in excess of 

three years. Because of its failure to account for the time value of 

money, the simple payback displayed by curve Ps increasingly diverges 

from the projected discounted payback as capital investment increases. 

It should be remembered that the discounted payback represents the time 

required for the discounted cash inflows to equal the equity portion of 

the capital investment. 

Figure 5.2 displays the relationship between capital investment 

and the rate of return indicators. Above the range of most probable 

system cost, the rate of return indicators are seen to indicate an 

acceptable rate of return up to a per installed kilowatt cost of 

approximately $2000. 

A comparison of Figures 5.1 and 5.2 illustrates a number of 

general properties of the various profitability indicators. Recog

nition of these characteristics will assist in the interpretation of 

similar figures which follow. The internal rate of return is the 

discounting rate at which the sum of the present-valued cash inflows is 

equal to the sum of the present-valued cash outflows, i.e., it is the 

discount rate at which the net present value is zero. Therefore, the 

plot of the IROR curve shown in Figure 5.2 represents a line of zero 

net present value. The IROR method embodies the implicit assumption 
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that all cash flows are re-invested (or are present valued) 3.t the 

determined internal rate of return. When the internal rate of return 

found is markedly different than the company specified discount rate, 

this assumption is not valid and the value of the IROR may be somewhat 

misleading. Figure 5.2 indicates that, under the baseline conditions, 

an effective capital cost of $750/kilowatt will result in an internal 

rate of return of approximately 41%. This does not mean that the 

investment scenario would yield a 41% return but rather that, if 

alternative investment opportunities could yield a 41% return, this 

project scenario would result in a zero net present value for the 

specified lifetime. Since the company discount rate (or minimum 

acceptable rate of return--MARR) has been specified at 15%, the 

implication is that currently acceptable projects are generating a 

return approximating 15%, not 41%. 

The external rate of return is determined by assuming that all 

positive cash flows (cash inflows) are re-invested at the company's 

discount rate for the remainder of the project lifetime. The resulting 

yield is then compared to the sum of the present-valued investments 

which generated it. The EROR is the compound interest rate required to 

make the sum of the investments generate the same yield. Figure 5.1 

indicates that if all positive cash flows resulting under a $750/ 

kilowatt scenario were re-invested at an after tax earning rate of 15%, 

the total project return on investment would approximate 25%, as 

opposed to the 41% previously discussed. The external rate of return 
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represents a more realistic indication of an expected rate of return on 

investment. 

It is of further interest to note that there is an intrinsic 

relationship between the discounted payback and the internal and 

external rates of return. When conditions are such that the selected 

company discount rate results in a net present value of zero, then the 

internal rate of return will be equivalent to the discount rate. 

Additionally, since the external rate of return is based upon com

pounding at the discount rate and since the present valued inflows and 

outflows are equal at this same rate, the EROR will also be equal to 

the discount rate. Furthermore, under the foregoing conditions, the 

discounted payback will be equal to the specified project life. More 

concisely, when 

IROR DISCOUNT RATE 

then 

IROR EROR DISCOUNT RATE 

and 

DISCOUNTED PAYBACK = SYSTEM LIFE. 

This condition can be seen at the intersection of the IROR and 

EROR curves in Figure 5.2 and the corresponding discounted payback 

value in Figure 5.1. 

Loan Effects 

Figures 5.3 through 5.8 summarize the influence of various loan 

parameters on profitability. Figures 5.3 and 5.4 display the variation 
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in payback and rate of return as a function of the loan fraction. It 

is evident that the loan fraction has a significant impact on profit

ability only at relatively high values. This effect results primarily 

from the decrease in equity upon which payback is based. For the base 

case the EROR, and IROR exceed the MARR at all values of the loan 

fraction. 

Figures 5.5 and 5.6 show the effect of loan interest rate. As 

the loan interest rate increases, both the size of the required loan 

payments and the tax deductions due to loa~ interest increase. The 

loan payment is of greater significance, resulting in a net decrease in 

after tax income. The overall effect is, however, relatively small. 

Figures 5.7 and 5.8 display the influence of loan period on the 

profitability indicators. The effect of the decreased loan payment is 

moderated by the increased interest payments resulting in a minor 

benefit to profitability. Note that the simple payback indicators do 

not account for any of the loan effects. 

Tax Effects 

Two variables are of importance when examining the effect of 

taxes on profitability, namely the tax rate and tax credits. The tax 

rate for corporations will normally fall within the range of 16% to 50% 

or more. The baseline case assumes an average value of 43%, represent

ing a composite state and federal tax rate. Figures 5.9 and 5.10 

summarize the impact of tax rate on the payback and rate of return. As 

would be expected, variations in the tax rate have moderate influence 
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over the indicators. Changing the effective tax rate from 16% to 60% 

increases the discounted payback by approximately 1.5 years with a 

concurrent decrease in the rate of return. 

Figures 5.11 and 5.12 demonstrate the effect of the investment 

tax credit on the profitability indicators. While a moderate benefit 

is associated with the current 10% credit for cogeneration, an 

extension of the credit to a 20% or even 30% level could have major 

impact on the economics.of cogeneration projects. The prospects for 

such an extension of tax credits under current political and economic 

conditions are minimal. 

Comment should be made in regard to the 'full-credit' assump

tion used in the present methodology. It could be argued that a more 

conservative approach would be a 'stand-alone'analysis under which tax 

credits and depreciation deductions would be applied only to offset tax 

liabilities resulting from positive cash flows generated by the project 

itself. Such an approach effectively isolates the system economics 

from the rest of the company's financial structure and the project must 

'stand alone' to be judged totally on its own merits. However, since 

tax credits and deductions play a major role in commercial investment 

decisions and because of the potential of tax credit transfer, their 

full benefits have been taken into account in the base-case scenario. 

Operational Costs 

The major determinant of profitability for cogeneration is the 

cost of energy. Specifically, the relative costs of electricity and 
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fuel will, for the most part, determine the economic viability of the 

system. Equally important are the escalation rates associated with 

each energy source type. Sufficient difference between the price 

escalation rates of fuel and electricity can make an initially 

profitable system become unprofitable or vice-versa. 

Figures 5.13 and 5.14 display the sensitivity of the payback 

and rate of return indicators to changes in the cost of electricity. 

The high degree of sensitivity to relatively small price changes is 

readily apparent. Also shown in Figure 5.13 is the asymptotic value of 

electricity for the specific conditions of the baseline case. This 

value represents the price per kilowatt-hour of electricity at which 

the year zero cost of operation of the cogeneration system is equiva

lent to that of the conventional system. At these conditions there are 

no savings and the simple payback indicator is undefined. It should be 

noted that the asymptotic value shown js applicable only to the 

conditions of the base-case. The value will be dependent upon the 

relative costs of O&M and natural gas and the relative user demand for 

the different energy forms in the cogeneration and conventional 

systems. Since the asymptote represents the value of electricity at 

which year zero energy costs are equivalent in the two systems, its 

applicability to future years is dependent upon the escalation rates 

for electricity and fuel being equal. When this is not the case, there 

mayor may not be savings generated in future years of system operation 

and the discounted payback mayor may not exist. 
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Figures 5.15 and 5.16 show the sensitivity of the profitability 

indicators to changes in electric price escalation. Economic viability 

is seen to be very sensitive to the value of this variable. As with 

the cost of electricity, there exists an asymptotic value of the 

escalation factor. At the asymptote, the sum of the present values of 

energy costs in the two systems are equivalent and the discounted 

payback is infinite. Once again, the asymptotic value will be 

characteristic of the specific configuration of the system, both 

thermodynamically and financially. 

Figures 5.17 and 5.18 display the sensitivity plots for natural 

gas fuel cost and Figures 5.19 and 5.20 display the plots for natural 

gas price escalation. The sensitivity of the profitability indicators 

is similar to that found for the electricity prices. The asymptotic 

values shown are based upon the concept already discussed. 

Differential Operation and Maintenance 

Figures 5.21 and 5.22 show the sensitivity of the profitability 

indicators to variations in the differential operation and maintenance 

factor (~om). This factor is defined as the differential cost of steam 

generation (in dollars per pound of steam generated) between the 

conventional and cogeneration systems. The factor reflects only 

differences in the cost of water purchase and treatment and any 

miscellaneous costs associated with the steam raising and excludes fuel 

related costs. For the baseline case the value of ~om is zero, 

indicating that water treatment costs are equivalent in both systems. 
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Negative values of ~om represent higher costs associated with the 

cogeneration system; positive values reflect higher conventional 

treatment costs. The figures show that this factor is relatively 

important in determination of system economics. 

Salvage Fraction 
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Figures 5.23 and 5.24 display the sensitivity of the profit

ability indicators to changes in the value of the salvage fraction 

(expressed as a fraction of the initial total capital investment). It 

is of interest to note that both the simple and discounted payback are 

insensitive to the salvage value since they do not account for cash 

flows which occur after payout has been achieved. The rate of return 

indicators indicate only slight sensitivity (even at high values of the 

salvage fraction) due to the end of life nature of the cash flow. 

Summary of the Sensitivity Analysis 

The results of the sensitivity study are graphically summarized 

in Figures 5.25 through 5.28. Each figure presents the relative 

sensitivity of one of the profitability indicators to changes in each 

of the study variables. Changes in the profitability indicators and 

the study variables are displayed in terms of relative deviation from 

their baseline values. Thus the intersection of the plots represents 

the set of values defined in the base case scenario. 

Figure 5.25 displays the relative sensitivity of the simple 

pa~back to changes in the values of the financial variables. Three 

variables are seen to have significance: the capital investment (CI), 
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the cost of natural gas (Cg) and the cost of electricity (Ce ). The 

simple payback is seen to be insensitive to the remainder of the st~dy 

variables since it does not account for loan, tax or escalation 

effects. 

Figure 5.26 shows the relative sensitivity of the discounted 

payback to changes in the financial variables. The plot demonstrates 

once again that capital investment and fuel costs exert the most 

influence on payback. Variables of secondary importance are the energy 

cost escalation rates and the composite tax rate. The discounted 

payback is relatively insensitive to the remainder of the study 

variables. In both Figures 5.25 and 5.26 movement in a vertical 

direction away from the x-axis represents an unfavorable change in the 

payback indicator while movement toward the x-axis indicates a favor

able change in payback. For example, Figure 5.25 indicates that a 50% 

increase in the baseline cost of electricity results in approximately a 

50% decrease (improvement) in the simple payback. 

Figures 5.27 and 5.28 display the relative sensitivity of the 

external and internal rates of return to changes in the financial 

variables. Examination of the figures confirms the importance of Cl, 

Cg and Ce as the primary determinants of profitability along with the 

secondary importance of energy cost escalation. The loan fraction is 

seen to be of significance only at relatively high values. Comparison 

of Figures 5.27 and 5.28 shows that the external rate of return is much 

less sensitivite to changes in the financial variables than is the 
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internal rate of return. In Figures 5.27 and 5.28 movements away from 

the x-axis represent favorable changes in the profitability indicators. 



CHAPTER 6 

THE PREDICTION OF ECONOMIC FEASIBILITY 

The results of the sensitivity study presented in Chapter 5 

emphasize that certain financial variables play a major role in 

determining economic success. The key determinants of profitability 

include: (1) capital investment, (2) the cost of fuels and 

electricity, and (3) operation and maintenance expense. 

The simulation applied in the sensitivity study facilitates 

examination of the detailed structure of both the energy consumption 

(system performance) and life cycle cost characteristics of the 

cogeneration system. For complex scenarios, such as those involving 

complicated load scheduling, or detailed economics (differential 

escalation, intermittant expenses, etc.) simulation methods can 

facilitate rapid examination of the components of profitability. 

However, the simulation approach can be cumbersome when it is necessary 

to examine a large number of cases. For simpler cases exhibiting 

relatively uniform cash flow structure, it would be advantageous to 

possess a simpler approach, accounting for the major variables 

influencing economic success, and aiding in the conceptualization of 

the interaction of technical and economic factors. 

\ 
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A Simplified Equation for Cogeneration Analysis 

A proposed 'figure-of-merit' relation for cogeneration should 

satisfy at least four requirements. 

1. It should account for thermodynamic differences intrinsic to 

the design of individual systems. 

2. It should account for the financial parameters which exert a 

major influence on profitability. 

3. It should allow for the incorporation of management's 

perception of risk. 

4. It should be easily applied and, preferably, should incorporate 

variables in terms of commonly cited units. 

Equation 6.1 is a formulation which can be employed to predict 

a figure-of-merit indicator of simple payback for cogeneration. It is 

defined as 

CI 
, where 

ES - om 

Ps payback figure of merit (years) 

CI system capital cost ($/kW) 

om differential operation and maintenance costs between 

the cogeneration and conventional systems ($/kW-year) 

ES savings due to cogenerated electricity ($/kW-year) 

(6.1) 
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Differential Operation and Maintenance (om) 

The term om represents the change in operation and maintenance 

costs associated with conversion from a conventional to a cogeneration 

system. It is expressed as 

om = [(omCGNS - omCVNS) (tIe) + omCGNTl * L 

where 

(6.2) 

omCVNS 

omCGNS 

omCGNT 

operation and maintenance costs associated with 

steam production in the conventional system ($/1bm) 

operation and maintenance costs associated with 

steam production in the cogeneration system ($/1bm) 

maintenance costs associated with the operation 

of the gas turbine ($/kWh) 

tIe pounds of steam produced by the gas turbine cogen-

L 

eration system per kilowatt-hour of electricity 

production (lbm/kWhr) 

load factor in hours of operation per year (hr/yr) 

The term omCVNS should be known for a specific installation 

and omCGNT can be obtained from the turbine manufacturer. For 

simplicity it is assumed that the costs of steam production due to 

water purchases and treatment will be equivalent for the two systems. 

Consequently om is assumed to depend only upon the charge for turbine 

maintenance, inclusive of the amortized cost of turbine changeout. As 

indicated in Chapter 2 a representative value for omCGNT is 0.6 cents 

per kilowatt-hour of electricity produced. 
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Thermal to Electric Ratio (tie) 

The thermal to electric (t/e) ratio is dependent upon the 

turbine design and the steam demand conditions. For a specific turbine 

the ratio will primarily be determined by the temperature and mass flow 

rate of the turbine exhaust gases. It may be approximated by 

(~h) (CAP) 
Qa 

(6.3) 

where 

Qa 'available heat'(Btu/hr) 

me turbine exhaust mass flow rate (lbm/hr) 

cp specific heat of turbine exhaust (Btu/lbmOF) 

Te turbine exhaust gas temperature (OF) 

Ts stack exit temperature (OF) 

~h enthalpy change required to produce one pound of 

steam at process conditions (Btu/Ibm) 

CAP : turbine capacity (kilowatts) 

Substituting representative values of cp = 0.25 and Ts = 330°F 

and assuming an average value for ~h of 1000 Btu per pound, Eq. 6.3 

simplifies to 

(t/e) = m (2.5 x 10-4Te - 0.0825)/CAP (6.4) 
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Thermal to electric ratios for gas turbines can be expected to 

range from 4.0 to 14.0 pounds per kilowatt-hour. 

Savings Due to Cogenerated Electricity (Es) 

The savings resulting from a reduction in electricity 

purchases can be found from 

Es = [CVNe - (Ae) (CGNg)] (L) - S 

where 

Es electricity cost savings from cogeneration ($/kW-yr) 

CVNe the average cost of electricity purchased by 

the conventional system ($/kWhr) 

CGNg the average cost (per Btu) of natural gas or other 

fuel purchased for the cogeneration system ($/Btu) 

(6.5) 

Ae the incremental gas consumed by the cogeneration system 

to produce electricity (Btu/kWhr) 

L load factor (hours/year) 

S standby charge ($/kW-yr) 

The value of CVNe is an annual average based upon utility 

billings and should include demand charges where applicable. The value 

of CGNg should likewise be calculated on the basis of an annual average 

cost of fuel supplied. 
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Incremental Fuel Consumption Factor (Ae) 

Ae , the incremental fuel consumption factor for cogeneration, 

represents the additional energy consumed by the cogeneration system 

per unit of electric energy production. Ae is computed assuming that 

the cogenerated steam displaces an equivalent amount of conventionally 

produced steam at the same steam conditions. The value of Ae is 

dependent on turbine design and is given by 

(~~R - ~) 
(6.6) 

CAP 

where 

Fr turbine fuel rate (Btu/hr) 

nb conventional boiler efficiency 

HVR fuel heat value ratio 

The other variables are as previously defined. The fuel heat value 

ratio (HVR) is the ratio of the lower heating value to the higher 

heating value of the selected fuel. This factor is required to adjust 

the fuel consumption rate (Fr) which is normally stated by the turbine 

manuacturer on the basis of lower heating value to the cost of fuel 

priced on the basis of higher heating value. For natural gas HVR may 

be specified as .90, for fuel oil HVR may be taken as .93 (Aschner 

1978). Values of Ae for gas turbine systems can be expected to range 

from 5000 to 9000 Btu per kilowatt-hour. 
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Applications of the Simplified Cogeneration Equation 

A number of different parameters are commonly used to 

characterize the efficacy of gas turbine systems including electric 

efficiency, heat rate and various forms of the thermal to electric 

ratio. None of these are completely descriptive when applied to 

cogeneration. Table 6.1 summarizes manufacturers' data for thirteen 

gas turbine-generator systems in order of increasing electric 

generation capacity. This data was used to evaluate tie (Eq. 6.3) and 

Ae (Eq. 6.6) for each system. The results are shown in Table 6.2. 

Examination of the table reveals that while electric generating 

efficiency as expressed by the heat rate (the most commonly cited 

system attributes) generally improves with increasing capacity, the 

value of Ae shows no such correlation. Thus, common perceptions to the 

contrary, for equivalent capital cost, bigger is not necessarily 

better. The variation in Ae shown in Table 6.2 emphasizes the 

necessity to examine a turbine unit's unique design attributes in 

relation to the system demand characteristics. 

In order to demonstrate the importance of the Ae factor as a 

determinant of profitability, each of the thirteen turbines shown in 

Table 6.1 was examined with the simulation program and the payback 

equation (Eq. 6.1). Each turbine was assumed to operate at 100% load 

with an ideal thermal to electric match with process demand. All 

turbines were assumed to have a capital cost of 1000 $/kw. Table 6.3 

displays the simple and discounted payback and the internal and 



Table 6.1 Manufacturers Data for Typical Gas Turbine 
Systems for Cogeneration 

Capacity 
kW 

489 

520 

1,416 

2,800 

2,812 

3,067 

3,152 

3,159 

4,566 

4,622 

5,430 

7,400 

19,481 

ainc1udes 

(Solar Turbines Inc. 1977; North American 
Turbine Corporation 1980; Stewart and 
Stevenson 1981; Mackay 1979) 

Exhaust Exhaust Turbine 
Temperature Flow Fuel Rate a 

ne 
of 1bm/hr Btu/hr 

928 27,760 8.597 x 10 6 .194 

930 28,080 8.4304 x 10 6 .211 

1,025 104,000 3.07 x 10
7 .157 

805 139,000 3.88 x 10
7 .246 

920 169,800 4.78 x 107 .201 

997 118,800 4.006 x 10 7 .261 

950 126,720 3.99 x 107 .269 

940 127,500 4.00 x 107 .270 

1,085 151,200 5.461 x 10 7 .285 

1,080 150,200 5.475 x 107 .288 

1,030 155,880 6.097 x 107 .304 

781 293,000 8.28 x 10 7 .305 

920 518,400 1.905 x 10 
8 .349 

generator efficiency = .95 
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Table 6.2 Available Heat, Incremental Fuel and Thermal 
to Electric Factors for Turbine Systems 

Capacity Qa
a Ab c 

e tie 
kW Btu/hr Btu/kWh Ibm/kWh ne 

489 4.150 x 10 6 8,925 8.74 .194 

420 4.212 x 1Q 6 7,889 8.35 .211 

1,416 1. 807 x 10 7 8,136 13.16 .157 

2,8GO L 651 x 107 8,029 6.08 .246 

2,812 2.505 x 10 7 7,753 9.18 .201 

3,067 1.981 x 10 7 6,440 6.66 .261 

3,152 1. 964 x 107 6,308 6.42 .269 

3,159 1.944 x 107 6,377 6.35 .270 

4,566 2.854 x 107 5,477 6.44 .285 

4,622 2.816 x 107 5.546 6.28 .288 

5,430 2.728 x 107 6,198 5.18 .304 

7,400 3.304 x 107 6,853 4.60 .305 

19,481 7.646 x 10 7 5,958 4.05 .349 

a 6.3 with c = 0.25 Btu/Ibm-oF, Calculated from Eq. p 
T = 330°F, assumes heat recovery boiler efficiency 100%. 

s 
b Calculated from Eq. 6.6 with HVR = .90, nb = .80. 

c Calculated from Eq. 6.3 with ~h = 970 Btu/Ibm (212°F, 14.7 psia). 
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Table 6.3 Profitability Indicators for 13 Turbine Systems a 

Turbine P b P b s s 
Pd

c Capacity Ae years years 
ERORc I RORc kW Btu/kWh (Program) (Eq. 6.1) years 

4,566 5,477 4.08 4.02 5.54 .205 .273 

4,622 5,546 4.12 4.07 5.59 .204 .270 

19,481 5,958 4.45 4.41 5.97 .196 .251 

5,430 6,198 4.69 4.63 6.47 .190 .237 

3,152 6,308 4.82 4.75 6.63 .187 .230 

3,159 6,377 4.89 4.82 6.71 .186 .226 

3,067 6,440 4.97 4.89 6.80 .184 .223 

7,400 6,853 5.45 5.3'8 7.61 .175 .201 

2.812 7,753 7.16 6.92 10.47 .148 .144 

520 7,889 7.46 7.24 10.83 .144 .136 

2,800 8,024 7.78 7.58 11.52 .140 .128 

1,416 8,136 8.34 7.88 12.52 .134 .115 

489 8,925 11.63 11.04 18.75 .105 .060 

aAssuming CVN = $0.0575, CGN = e g $4.72/106 Btu, am = $0.OG61/kWh. 

b Calculated assuming $l,OOO/kW capital cost with 10% investment 
tax credit. 

cCa1cu1ated assuming an after tax discount rate of .15. 
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external rate of return found by the computer program for each turbine 

system, along with the value of Ps determined by Eq. 6.1. The results 

are graphically displayed in Figures 6.1 and 6.2. The strong 

correlation of Ae to profitability is readily apparent. 

Economy of Scale 

While all of the thirteen turbine systems were analyzed 

assuming a constant capital cost per kilowatt, in reality there exists 

some economy of scale. The payback equation was utilized to examine 

the influence of cost of scale on the figure-of-merit payback. Capital 

costs were assigned to each system under the assumption that a 20,000 

kW gas turbine system could be installed for 1000 $/kW, and a 500 kW 

system could be installed for 1500 $/kW. Linear interpolation was 

applied for intermediate capacities. The results of the calculation of 

Ps including the capital cost factor are shown in Table 6.4. The 

payback rankings have not been appreciably altered. 

Effect of Part Load Operation 

The payback equation was employed to determine payback under 

the assumption that the cogeneration system operates at 100% of rated 

load for 8760 hours per year. While representing the ideal case, such 

operation is seldom attained in practice. Well designed turbine 

systems require only minor maintenance when utilizing natural gas fuel 

and thus the contribution of maintenance to reduction in operation time 

may be considered negligible. More important are the requirements of 

load scheduling to meet the user's process requirements. 



~ 
::;J 
E-t 
~ c:: 
~ 
0 

~ 

~ 

Fig. 6.1 

0.60 

0.50 

0.40 

0.30 

0.20 

0.10 

0.00 
5000 

~. 
, . 

. /"~ 
~ ., . .... ~ --.-

•• ---. p 
~... s .. ----. 

6000 7000 8000 9000 
A (Btu/kWhr) 

e 
Simple and Discounted Payback versus 
A Factor for 13 Gas Turbines 

e 

•• IROR --..... .. - --. .-.... ----.. ~ 
EROR ~ • .., •• . ~. 

6000 7000 8000 9000 
Ae (Btu/kWhr) 

Fig. 6,2 I.R,O.R. and E.R,O.R. versus Ae Factor 
for 13 Gas Turbine Systems 

150 



151 

Table 6.4 Payback Indicators Versus Ae with Economy 
of Scale Included 

b Scaled Scaled 
Capacity A P a Cost Ps 

Btu7kWh 
s 

kW years $/kW years 

4,566 5,477 4.02 1,396 5.61 

4,622 5,546 4.07 1,394 5.67 

19,481 5,958 4.41 1,013 4.47 

5,430 6,198 4.63 1,374 6.37 

3,152 6,308 4.75 1,432 6.80 

3,159 6,377 4.82 1,432 6.90 

3,067 6,440 4.89 1,434 7.01 

7.400 6,853 5.38 1.323 7.12 

2,812 7,753 6.92 1,441 9.98 

520 7,889 7.24 1,499 10.85 

2.800 8,024 7.58 1,441 10.92 

1,416 8,136 7.88 1,477 11.65 

489 8,925 11.04 1,500 16.55 

a CI = $l,OO/kW, 10% inv. tax credit 

bB d ~ . ase on .ll.near fit $/kW = 1,512.8 - (.02564)CAP (see text); 
before 10% inv. tax credit. 
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Two types of part load operation should be considered: 

seasonal and load following. Certain types of potential applications, 

especially agriculturally related, operate on a seasonal or part year 

basis. It is, therefore, of interest to examine how part year 

operation effects figure-of-merit payback. 

Figure 6.3 summarizes the results of an examination of partial 

annual operation for a turbine system characterized by an Ae factor of 

6853 Btu/kWh. The figure displays the payback given by Eq. 6.1 as a 

function of the cost of electricity and hours of operation per year. 

It is important to note that the turbine is operating at 100% of rated 

capacity. As might be expected, the figure indicates that payback is 

approximately a linear function of hours of operation. Additionally, 

it is seen that for shift operation of 8 and 16 hours per day (2920 and 

5840 hours per year,respectively) it is not possible to meet a Ps 

criteria of 3.0 years (a common payback requirement in commercial 

operations) except at high electric prices. 

The second type of part load operation which can be considered 

involves an attempt to continually match turbine output to either the 

thermal or electric requirements of the process. While thermal load 

following is more common, either condition is theoretically possible 

and could be considered by a potential cogenerator. 

In following the electric demand, a cogeneration system will 

probably not simultaneously match the thermal load. If exhaust heat is 

insufficient to produce the required amount of steam, an auxiliary 

boiler can be employed. If use of all exhaust heat would result in the 
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production of too much steam, the surplus heat can be diverted to an 

exhaust stack, bypassing the heat recovery boiler. In the case of 

thermal demand following, excess electricity would normally be sold to 

the utility, or in some cases, another facility. An electric deficit 

would be made up by purchases from the utility. For a site which is 

isolated from the utility grid, the cogeneration system should either 

be sized to meet the maximum facility electric demand or a load 

shedding scheme must be designed. 

Load following as opposed to block-loaded operation introduces 

a number of complexities into the evaluation of system performance. 

First, the necessity to install additional equipment enabling tracking 

of either the thermal or electric demand increases system capital 

costs. Secondly, operation of the turbine at part load will lower 

efficiency resulting in higher fuel consumption per unit of electric 

output. In addition, cycling the turbine in response to changes in 

load will increase operation and maintenance costs and shorten turbine 

life. 

The simplified payback equation can be used for the analysis 

of part load operation by modifying Ae to account for the associated 

changes in Fr , Qa and CAP. It must be recognized that the value of the 

conventional boiler efficiency used in Eq. 6.6 is also load dependent. 

However, a well designed boiler will maintain a relatively constant 

efficiency over a wide range of operation. Thus this effect can be 

considered negligible except at very low steam loads. Table 6.5 

displays the effect of part load operation on the value of Ae for a 



Table 6.5 Part Load Performance Data and Part Load A Factors of a 
7400 kW Gas Turbine e 

Exhaust Exhaust Fuel Rate 
Capacity Load Temperature Flow Fr tIe 

(kW) % (OF) (lbm/hr) (lbm/kWhr lbm/kWhr 

7,400 100 781 293,000 8.28 x 10 7 4.60 

7,000 95 763 288,000 7.95 x 10 7 4.59 

6,000 81 735 275,000 7.12 x 10 7 4.78 

5,000 68 715 260,000 6.37 x 10 7 5.15 

4,000 54 697 244,000 5.66 x 10 7 5.77 

3,000 41 684 227,000 4.85 x 10 7 6.91 

2,000 27 676 207,000 4.16 x 10 7 9.23 

aCalcu1ated from Eq. 6.6 with nb = .8, HVR = .9, cp = .25 Btu/lboF, 

T = 330°F, ~h = 970 Btu/Ibm. s 

A a 
e 

Btu/kWhr 

6,858 

7,048 

7,394 

7,906 

8,722 

9,588 

11,920 

.... 
VI 
VI 
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typical turbine system. A significant penalty is paid in incremental 

energy required to produce the electric power. Consequently, higher 

electric revenues will be required in order to reach an equivalent 

payback as compared to the block-loaded system. Figure 6.4 

demonstrates the impact of part load operation on the payback predicted 

by Eq. 6.1 for a 7400 kW gas turbine system. 

One additional approach to part load operation which should be 

addressed is the practice of 'thermal dumping.' Thermal dumping is a 

method of reducing excess steam production by using a bypass damper to 

divert exhaust gas from the heat recovery boiler to the exhaust stack. 

Thus a portion of the turbine available heat is effectively 'dumped' to 

the atmosphere. Thermal dumping allows the turbine to be block-loaded 

to produce maximum electric output while at the same time matching 

variations in steam demand. 

Equation 6.6 can be altered to allow examination of the 

effects of thermal dumping through the inclusion of a 'useful heat 

factor' which modifies the value of Qa. The new incremental heat 

factor Ae' can be defined by 

A' e 
CAP 

f Qa 
----rib_ 

(6.7) 

where f represents the fraction of the available heat which is used in 

the process. 

The implications of thermal dumping on system performance were 

investigated by evaluating Ae' for two representative turbine systems. 
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Table 6.6 summarizes the results of the examination for a 2800 kW and a 

7400 kW turbine. In the table, the value of Ae is shown for various 

values of turbine loading. Ae' is evaluated assuming the turbine is 

operated at full load with diversion of the requisite amount of heat to -

result in an equivalent steam production rate. As an example, Table 

6.5 shows that a process requirement of 3.12 x 107 Btu/hr can be met by 

either (a) reducing the turbine output from 7400 kW to 7000 kW with a 

concurrent reduction of exhaust heat production of 6.4%, or (b) main

taining full load operation and bypassing (dumping) 6.4% of the avail

able heat. In the former case Ae = 7048 Btu/kWhr while the dumping 

mode results in Ae' = 7162 Btu/kWh, which represents an increase of 

1.6% in incremental fuel required per kilowatt hour produced. 

P.U.R.P.A. Efficiency 

The United States Public Utility Regulatory Policies Act of 

1978 (P.U.R.P.A.) establishes efficiency standards for cogeneration 

systems which effectively inhibit both thermal dumping and turbine 

modulation (load following). The Act establishes that for a system 

using oil or natural gas (for systems with installation begun after 13 

March 1980), the useful electric energy output of the facility plus 

one-half of the useful thermal energy output, when averaged over any 

calendar year, must be greater than or equal to 42.5% of the fuel 

energy input. In terms of the variables already defined, the 'PURPA 

efficiency' may be expressed as 



Table 6.6 Impact of Part Load Operation and Thermal Dumping 
on the Value of A of Two Gas Turbines e 

=====,~~~~~==~========~~~~~~===================== 

Power % 
(kW) Load 

7,400 100 

7,000 95 

6,000 81 

5,000 68 

2,800 100 

2,600 93 

2,400 86 

2,200 79 

2,000 71 

1,800 64 

1,600 57 

1,400 50 

3.3 x 10 7 

3.12 x 107 

2.78 x 107 

2.50 x 107 

2.24 x 107 

Fr 
Btu/hr 

8.28 x 107 

7.95 x 107 

7.12 x 107 

6.37 x 107 

5.66 x 10 7 

1.658 x 10 7 3.90 x 10
7 

1.512 x 107 

1.384 x 107 

1.269 x 107 

1.127 x 107 

3.70 x 107 

3.49 x 107 

3.30 x 107 

3.12 x 107 

Ab 
e 

Btu/kWh 

6,858 

7,048 

7,394 

7,906 

8,074 

8,543 

8,949 

9,456 

10,290 

1.033 x 107 2.93 x 107 10,910 

9.283 x 106 2.74 x 107 11,780 

8.307 x 106 2.55 x 107 12,820 

aAssumes c = .25 Btu/1bm of, T = 330°F. 
P s 

b Assumes HUR = .9, nb = .8. 

f 

1.0 

.9454 

.8424 

.7576 

1.0 

.912 

.835 

.765 

.680 

.623 

.560 

.501 

Ae' 
Btu/kWh 

6,858 

7,162 

7,737 

8,209 

8,074 

8,726 

9,296 

9,814 

10,443 

10,865 

11,331 

11,768 
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(3414) (CAP) + (0.5) (f Qa) 

n PURPA = <! 0.425 

(Fr/HVR) 

If a facility fails to meet this criteria, a utility is not 

required to meet Federal Energy Regulatory Commission guidelines 

concerning interconnection and power buyback. Table 6.7 shows the 

comparative impact of load following and thermal dumping on the value 

of the PURPA efficiency. It is seen that for an equivalent load, 

electric load following presents a slight advantage (from a PURPA 

standpoint). 

System Sizing 

Some mention should be made regarding the proper sizing of the 

cogeneration system. The foregoing presentation shows that the minimum 

value of payback attainable under any set of economic conditions will 

be reached when the system operates year round at 100% load. The 

starting point in the determination of capacity is an examination of 

the minimum continuous steam load for the facility. The installation 

of a turbine capable of steam production in excess of the minimum 

facility load implies that, at least for some of the time, a portion of 

the available heat will be unusable. The decrease in savings 

associated with the loss of available heat must be compared to a 

decrease in incremental heat and capital cost per kilowatt, if any, 

associated with the economics of scale. 



Table 6.7 Comparative Impact of Partial Loading and 
Thermal Dumping on P.U.R.P.A. Efficiency 
of Two Gas Turbine Systems 

Power % 
npURPAa n;URPAa kW Load f 

7,400 100 .454 1.0 .454 

7,000 95 .447 .9454 .444 

6,000 81 .435 .8424 .426 

5,000 68 .418 .7576 .410 

4,000 54 .395 .6789 .396 
- - - - - - - - -

2,800 100 .412 1.0 .412 

2,600 93 .400 .912 .395 

2,400 86 .390 .835 .380 

2,200 79 .378 .765 .367 

2,000 71 .360 .680 .351 

1,800 64 .347 .623 .340 

1,600 57 .332 .560 .328 

aAssumes HVR = .9. 
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In some cases a viable alternative to increasing turbine 

capacity above the base load demand is the addition of a second 

turbine. The first turbine will be block-loaded while the second 

turbine can be modulated as required and/or shut down below a selected 

load. 

Sizing the cogeneration system is simplified somewhat by the 

fact that the distribution of commercially available turbine capacities 

is discrete rather than continuous. The determination of optimal size 

rests upon an examination of readily available sizes singly or in 

combinations necessary to match the desired steam demand. Equation 6.1 

can be used to perform an initial screening to determine optimal size 

through proper use of an average Ae factor for each unit of capacity 

added. 

Incorportion of the Discount Rate in the Ps Relation 

The payback equation is a simplified relationship accounting 

for the major factors critical to the determination of economic 

viability in cogeneration. As presented, Eq. 6.1 derives a simple 

payback figure of merit similar to those discussed in Chapter 3 and 

therefore exhibits similar limitations, specifically the lack of 

consideration of the time value of money. This may be ameliorated by a 

modification of Eq. 6.1 to allow the incorporation of an applicable 

discount rate by utilizing an inherent relationship between the simple 

and discounted payback. 
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The discounted payback (Pd) is found when the following 

condition is met 

Pd 
L SiPi = CI (6.8) 

i=1.0 

where 

Si savings in year i 

Pi present worth factor for year i 

If it is assumed that the Si are uniform over the life of the 

system, Eq.6.8 becomes 

Pd 
L Pi = CI/S = Pg (6.9) 

i=1.0 

where Ps is the simple payback. Given a simple payback (as found from 

Eq. 6.1) and an applicable discount rate, the discounted payback can be 

found by determining the time required for the sum of the present value 

factors to equal Ps • 

An alternative to interpolation of the interest tables is a 

direct computation of the discounted payback. This can be accomplished 

by recognizing that the sum of the single payment present worth factors 

in Eq. 6.9 can be replaced by the present worth of a uniform series. 

In standard economic notation 

N 
L (P/F,i%,n) - (P/A,i%,N) 

n=1.0 

where i represents the applicable interest rate and N represents the 
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number of years of compounding. Substituting the definition of PiA 

into Eq. 6.9 and solving for N results in an equation relating the 

discounted payback to the simple payback and the interest (discount) 

rate, i.e. 

J.OG [ 1.0 ] 
P d = _--::-=-";-;(:....,l,..,.._O=---:-i-:-;P,-os.) 

LOG (1.0 + i) 
(6.10) 

Figure 6.5 displays the relationship between Ps and the discounted 

payback at four interest rates. 

When using Eqs. 6.8 through 6.10 some limitations should be 

recognized. 

1. The equations do not account for differences in price 

escalation between expense categories. 

2. No accounting is made for loan and tax effects. 

3. The assumption of uniformity of cash flow in Eqs. 6.8 and the 

payback equation is a condition rarely encountered in the 

presence of varying yearly depreciation, loan and fuel charges. 

4. The definition of pIA restricts the application of Eq. 6.10 to 

conditions for which (Ps)(i) < 1.0. 

In spite of these limitations, Eqs. 6.1 through 6.10 provide a 

good framework for initial examination of cogeneration profitability 

and feasibility. 

Figure 6.6 displays the results of an analysis of a represen-

tative cogeneration system using the simulation program and Eqs. 6.1 

and 6.10. The values of the simple and discounted payback obtained by 
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each of the two methods are plotted as a function of electricity cost. 

Natural gas cost was specified as $2.00/106 ntu with CI = $l,OOO/kW and 

Ae = 5,477 Btu/kWh. Results obtained for the discounted payback show 

good agreement below the limiting condition previously described. 

Profitability Implications of R~gional Energy Prices 
?n Cogeneration 

The cost of electricity and natural gas (or other fuel) will 

be the primary factor in determining the profitability of cogener-

ation. Since energy costs exhibit a regional dependence, it can be 

expected that the ,implementation of cogeneration will proceed on a 

regional basis. Table 6.8 summarizes data on natural gas and electric 

prices for nine regions of the United States. The natural gas prices 

shown are the regional average prices paid per million Btu (HHV) by 

industrial and commercial users during the first quarter of 1982. The 

electricity prices shown have been determined through an examination of 

representative monthly bills for commercial and industrial users in 88 

cities (see Table 6.8 for source). In each state for which data was 

available, the high and low billing values by city were determined for 

June 1982. The high and low costs of electricity for industrial and 

commercial customers in each of the nine regions was used to prepare 18 

regional scenarios representing 'best' and 'worst' case energy costs 

for cogeneration. The best case scenarios consist of the regional cost 

of natural gas combined with the highest regional electric cost found. 

The worst case scenarios consist of the regional cost of natural gas 

combined with the lowest regional electric cost found. The energy cost 



Table 6.8 Summary of Regional Natural Gas and Electric Costs for the United States, 
First Quarter 1982 

Industriala Commercialb Industrial Electricc Commercial Electricd 

Natural Natural $/kWh $/kWh 
Gas Cost Gas Cost 

Region State $/10 6 Btu $/10 6 Btu Low High Low High 

New England CT 5.90 6.61 .0421 .0855 .0572 .1039 
ME .0490 .0680 
MA. .0467 .0713 .0630 .0984 
NH 
RI 
VT .0723 .0735 

Middle Atlantic NJ 4.35 5.10 .0760 .0852 .1002 
NY .0631 .1196 .0258 .1504 
PA .0453 .0687 .0692 .1087 

E. North Central IL 3.74 3.95 .0619 .0746 .0720 .1012 
IN .0351 .0463 .0464 .0547 
MI .0448 .0600 .0579 .0762 
OH .0406 .0676 .0585 .0919 
WI .0329 .0483 .0372 .0716 

W. North Central IA 3.73 4.22 
KS .0462 .0572 .0531 .0946 
MN .0442 .0446 .0497 .0575 
MO .0371 .0506 .0517 .0769 
NE .0402 .0494 
ND 
SD 

I-' 
0\ 
ex> 



Table 6.8--Continued 

Industriala Connnercialb Industrial Electricc Connnercial Electricd 

Natural Natural $ I kWh $/kWh 
Gas Cost Gas Cost 

Region State $/10 6 Btu $/10 6 Btu Low High Low High 

South Atlantic DE 3.97 4.79 
DC .0691 .0900 
FL .0542 .0609 .0612 .0706 
GA .0494 .0798 
MD .0661 .0865 
NC .0438 .0545 
SC .0374 .0534 
VA .0520 .0763 
WV .0442 .0582 

E. South Central AL 3.72 4.16 .0434 .0557 .0509 .0742 
KY .0382 .0617 
MS .0526 .0685 
TN .0440 .0440 .0529 .0529 

w. South Central AR 3.67 3.80 .0342 .0499 
LA .0471 .0617 
OK .0339 .0408 .0431 .0684 
TX .0535 .0693 .0691 .0753 

Mountain AZ 3.47 4.41 .0527 .073l. 
CO .0351 .0427 .0409 .0659 
ID .0365 .0399 
MT 
NV 
NM .0804 .0957 
UT .0447 .0784 
WY 

I-' 
0'1 
\0 



Table 6.8--Continued 

Industriala Commercialb 

Natural Natural 
Industrial Electricc 

$/kWh 
Commercial Electricd 

$/kWh 
Gas Cost Gas Cost 

Region State $/106 Btu $/10 6 Btu Low High Low High 

Pacific AI< 4.39 4.73 
CA .0247 .1085 .0442 
HI 
OR .0381 .0416 
WA .0085 .0141 .0141 

aRepresents Regional Average $/106 Btu (HHV) Paid by Industrial End Users during the first 
quarter of 1982 (Energy User News, 26 July 1982). 

bRepresents Regional Average $/106 Btu (HHV) Paid by Commercial End Users during the first 
quarter of 1982 (Energy User News, 26 July 1982). 

cBased upon a monthly billing to an industrial facility using a hypothetical 200,000 kWh at 
500 kW peak (Energy User News, 26 July 1982). 

dBased upon a monthly billing to a commercial facility using a hypothetical 10,000 kWh at 
40 kW peak (Energy User News, 12 July 1982). 

.1109 

.0208 

I-' 
'-J 
o 
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values specified for the 18 best and worst case scenarios are presented 

in Table 6.9. 

The simulation program and the payback equation have been 

employed to examine the profitability of each of the regional 

scenarios. A gas turbine characterized by an Ae value of 5477 Btu/kWh 

has been assumed. Capital cost has been set at $1,000 per kilowatt 

with a 10% investment tax credit. These values represent an optimal 

system performance. 

Tables 6.10 and 6.11 present the results of the regional 

analysis for commercial and industrial price structures, respectively. 

Included are the ranges of simple and discounted paybacks, external and 

internal rates of return and the value of Ps determined from Eq. 6.1. 

Figures 6.7 and 6.8 graphically present a portion of the results of the 

regional analysis for the commercial and industrial sectors, 

respectively. The figures show the range of electric price versus the 

regional gas price for each of the nine regions examined. Shown on the 

graph are the values of the simple payback found from the simulation 

program analysis for the 'best' and 'worst' case scenarios. In some 

cases, price structures are such that no payback exists. Also plotted 

on the figures are values of the 'asymptotic' energy costs for various 

values of Ae from 5,000 to 10,000 Btu/kWh. The asymptotic cost 

represents a plot of natural gas and electric price combinations for 

which the value of the electricity generated equals the value of the 

natural gas consumed for its generation. Above the line the system 

will generate savings, although they may not be sufficient to result in 



Table 6.9 Natural Gas and Electric Costs Selected for 
Regional Best/Worst Case Scenariosa 
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Region 
Commercial Users 

Low (worst) High (best) 
Industrial Users 

Low (worst) High (best) 

New England 
Electric 
Gas 

Middle Atlantic 
Electric 
Gas 

E. North Central 
Electric 
Gas 

W. North Central 
Electric 
Gas 

South Atlantic 
Electric 
Gas 

E. South Central 
Electric 
Gas 

W. South Central 
Electric 
Gas 

Mountain 
Electric 
Gas 

Pacific 
Electric 
Gas 

.0572 
6.61 

.0258 
5.10 

.0372 
3.95 

.0494 
4.22 

.0534 
4.79 

.0509 
4.16 

.0431 
3.80 

.0399 
4.41 

.0141 
4.73 

.1039 
6.61 

.1504 
5.10 

.1012 
3.95 

.0946 
4.22 

.090 
4.79 

.0742 
4.16 

.0753 
3.80 

.0957 
4.41 

.1109 
4.73 

.0421 
5.90 

.0453 
4.35 

.0329 
3.74 

.0371 
3.73 

.0374 
3.97 

.0382 
3.72 

.0339 
3.67 

.0351 
3.47 

.0247 
4.39 

.0855 
5.90 

.1196 
4.35 

.0746 
3.74 

.0572 
3.73 

.0691 
3.97 

.0557 
3.72 

.0693 
3.67 

.0804 
3.47 

.1085 
4.39 

~ased upon data presented in Table 6.8. Electric prices in $/kWh; 
gas prices in $/10 6 Btu HHV. 



Table 6.10 Results of Regional Profitability Study 
for Commercial Users 

Gas 
Electric $/106 Ps Pd EROR 
$/kWh MStu years years % 

New England 
Worst .0572 6.61 7.11 10.41 14.9 
Best .1039 6.61 1.68 2.32 30.8 

Middle Atlantic 
Worst .0258 5.10 NF NF 
Best .1504 5.10 0.89 1. 21 39.1 

E. North Central 
Worst .0372 3.95 10.28 17.85 10.8 
Best .• 1012 3.95 1.40 1.86 33.0 

W. North Central 
Worst .0494 4.22 5.17 7.28 18.0 
Best '.0946 4.22 1.58 2.19 31.6 

S. Atlantic 
Worst .0534 4.79 4.96 6.78 18.4 
Best .0900 4.79 1. 79 2.46 30.0 

E. South Central 
Worst .0509 4.16 4.73 6.52 18.9 
Best .0742 4.16 2.90 3.23 27.1 

W. South Central 
Worst .0431 3.80 6.45 9.33 15.8 
Best .0753 3.80 2.13 2.89 27.9 

Mountain 
Worst .0399 4.41 11.03 17.61 11.0 
Best .0957 4.41 1.58 2.19 31.6 

Pacific 
Worst .0141 4.73 NF NF NF 
Best .1109 4.73 1. 31 1. 74 33.9 

NF = not determinable; payback> 30 years or ROI < 5.0. 
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Ps 
IROR (Eq. 6.1) 

% years 

14.5 6.90 
60.5 1.67 

NF NF 
1.055 0.88 

6.6 10.90 
70.6 1.40 

21.3 5.09 
63.8 1.57 

22.3 4.88 
57.3 1. 78 

23.5 4.67 
46.5 2.27 

16.5 6.35 
49.2 2.12 

6.9 10.65 
63.9 1.57 

NF NF 
75.1 1.30 



Table 6.11 Results of Regional Profitability Study 
for Industrial Users 

Gas 
E1ect't'ic $/106 Ps Pd EROR 
$/kWh MBtu years years % 

New England 
Worst .0421 5.90 32.23 NF 3.7 
Best .0855 5.90 2.21 2.98 27.5 

Middle Atlantic 
Worst .0453 4.35 6.81 9.76 15.3 
Best .1196 4.35 1.15 1.55 35.6 

E. North Central 
Worst .0329 3.74 17.19 NF 7.5 
Best .0746 3.74 2.15 2.91 27.7 

W. North Central 
Worst .0371 3.73 9.93 15.50 11.9 
Best .0572 3.73 3.38 4.52 22.6 

South Atlantic 
Worst .0374 3.97 11.08 17.68 10.9 
Best .0691 3.97 2.51 3.53 25.9 

E. South Central 
Worst .0382 3.72 8.95 13.59 12.8 
Best .0557 3.72 3.54 4.71 22.0 

W. South Central 
Worst .0339 3.67 13.89 23.74 9.1 
Best .0693 3.67 2.40 3.39 26.5 

Mountain 
Worst .0351 3.47 10.61 16.71 11.3 
Best .0804 3.47 1.87 2.56 29.5 

Pacific 
Worst .0247 4.39 NF FN NF 
Best .1085 4.39 1.32 1. 75 33.9 

NF = not determinable; payback> 30 years or ROI < 5.0. 
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Ps 
IROR (Eq. 6.1) 

% years 

NF 27.88 
47.9 2.18 

15.4 6.68 
83.9 1.15 

NF 16.27 
48.9 2.14 

8.5 9.72 
32.7 3.35 

6.8 10.75 
42.8 2.49 

10.3 8.39 
31.2 3.52 

NF 13.34 
44.5 2.38 

7.5 10.28 
55.2 1.86 

NF NF 
75.1 1.31 
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an acceptable payback. Below the line the system will operate at a 

loss. On tbe basis of energy costs, all regions exhibit at least a 

theoretical potential for economic cogeneration. The best price 

structures appear to exist in the Pacific and Middle Atlantic regions 

for both industrial and commercial situations. 

Generalization of the Econo~!£ Analysis 

The simulation program, along with Eqs. 6.1 through 6.10, can 

be used to develop a generalized representation of the economics of gas 

turbine cogeneration. Such a generalization is presented in Figures 

6.9 through 6.13. 

Figure 6.9 displays the behavior of the simple payback as a 

function of electric price for a gas turbine characterized by an Ae of 

5,477 Btu/kWh. This turbine can be considered to be an optimally 

performing unit. The change in payback associated with a system 

installed cost (CI) variation of $l,OOO/kW to $2,000/kW is displayed 

for natural gas prices of $2.00, $6.00 and $10.00/106 Btu. Figures 

6.10 through 6.12 display similar plots of the behavior of the 

discounted payback, internal rate of return, and external rate of 

return, respectively. These figures have been derived assuming the 

remaining economic variables equal their base case values. 

Further generalization of Figure 6.9 can be obtained through 

use of Figure 6.13 which displays the behavior of the simple payback as 

a function of gas and electric price for a range of Ae factors. For 

this figure, capital cost has been held constant at $l,OOO/kW. The 
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resulting generalization of simple payback behavior can most easily be 

interpreted through a comparison of Figures 6.9 and 6.13 using an 

overlay. 

Figures 6.9 and 6.13 will allow the potential user of gas 

turbine cogeneration to quickly estimate the simple payback for most 

reasonable energy/capital cost combinations for a variety of system 

performance levels. Additionally, Figures 6.10 through 6.12 enable a 

quick estimation of the discounted profitability indicators associated 

with the above combinations. 

The Implications of Natural Gas Deregulation 

The effect of natural gas deregulation on the profitability of 

gas-fueled cogeneration is of concern to potential users of the tech

nology. Presently, the price of most natural gas is held to artifi

cially low levels through the use of federal· price controls in effect 

since 1954. The Natural Gas Policy Act of 1978 contained provisions to 

gr.adually deregulate supplies of natural gas discovered after April 

1977 in an effort to stimulate exploration and production. 

It is reasonable to expect that the price of deregulated gas in 

the free market will eventually achieve an energy price parity with 

substitutable fuels. For the gas turbine, the most easily 

substitutable fuel is No. 2 fuel oil. 

The potential impact of natural gas deregulation can be 

investigated through an examination of the change in electric price 

required to maintain a specified payback assuming natural gas achieves 
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price parity (on a Btu basis) with #2 fuel oil. Figure 6.14 summarizes 

the result of 3uch an examination. The figure plots a set of 'lines of 

constant payback' equivalent to three years for system capital costs of 

$1,000 and $2,000/kW. Included is the change in the constant payback 

line for alterations of the Ae factor. Shown on the figure are the 

current price ranges for natural gas and #2 fuel oil and their equiva

lent cost in terms of dollars per 42 gallon barrel. The figure 

demonstrates that for a system characterized by an Ae factor of 7,000 

Btu/kWh and a cost of 1,000 $/kW, a natural gas price of $5.00/106 Btu 

and an electric price of 7.5 cents per kilowatt-hour would result in a 

simple payback of 3.0 years. The $5.00/106 Btu price of natural gas 

falls approximately at the mid-range of current regional natural gas 

prices. If the natural gas price increased to the mid-range price of 

#2 fuel oil, the price of electricity would be required to rise to 

approximately 9.5 cents per kilowatt-hour in order to maintain the 3.0 

year payback criteria. For any selected Ae value, all electric/gas 

price combinations to the right of the line represent paybacks shorter 

than 3.0 years; combinations above the line represent paybacks in 

excess of 3.0 years. 
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CHAPTER 7 

CONCLUSiONS 

This dissertaion examines technical and economic factors 

influencing the use of technologies for the simultaneous production of 

thermal energy and electricity. Although the approach used is, in 

general, applicable to any energy saving technique, this research 

focuses specifically on cogeneration employing the combustion turbine, 

a well developed technology possessing characteristics which make it 

particularly well suited to use in small commercial and industrial 

facilties. This study has been motivated by recognition of the fact 

that, although the implementation of cogeneration on a wide scale could 

result in significant conservation of energy for individual users and 

the nation as a whole, such conservation in itself will be an insuffi

cient incentive to encourage its widespread practice. Rather, the 

motivational force for the use of any of the available cogeneration 

techniques will remain economic. 

Consequently, this study embodies a twofold goal. First, to 

develop a methodology for the analysis of cogeneration, enabling 

identification of factors which e:~ert a determinant influence upon 

profitability. Secondly, to use this methodology to investigate 

quantitative variations in economic efficiency using data 

representative of the current technical and economic environment. 
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The first goal of the dissertation has Deen realized through 

the development of a computer simulation package incorporating perform

ance models of common cogeneration techniques. Although applied in 

this study to examine gas turbine cogeneration, the package also 

includes models for backpressure and extraction steam turbines as well 

as diesel engine cogetleration systems. 

The simulation package has a much wider range of application 

than is apparent from its use in this study. In general, the 

collective programs enable the user to perform replacement-analysis 

economy studies of projects which are primarily intended to reduce 

energy costs. The computer package consists of five independent but 

interacting FORTRAN programs tailored to the description of the 

energy-systems replacement problem. The LOADS program allows the user 

to create load schedules which describe an existing demand for thermal 

and electric energy. The URATES program enables the user to create a 

variety of common utility rate structures. The SYSTMS program models 

the hourly energy consumption and production of an installed system 

(commonly termed the defender) and a proposed replacement system (the 

challenger). Employing user-defined rate structures, the COSTS program 

computes the annual energy consumption costs of the challenger and 

defender systems. The ECON program compares these costs to derive a 

year-zero projection of cash flow resulting from a reduction in energy 

expenses. The ECON program also allows the user to describe the 

general financial environment and the capital investment requirements 



of the challenger. The result is a discounted cash flow life cycle 

analysis of the replacement proposal. 
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Although the SYSTMS program designed for the current study 

models cogeneration techniques, the modular structure of the program 

package permits a user to implement a performance description (simu

lation model) of any desired challenger/defender combination. The 

modular structure allows the study of a variety of areas of interest, 

such as rate structure/load schedule interactions or economic 

sensitivity analyses, without the overhead and expense of an aggregated 

program. Overall, the program package represents an efficient and 

flexible tool enabling the examination of the commonly encountered 

replacement proposal. 

The second goal of the dissertation, the examination of 

economic efficiency in cogeneration, has been attained by utilizing the 

simulation package to perform a sensitivity analysis of the economics 

of gas turbine cogeneration. The results of the sensitivity analysis 

have (a) allowed the identification of those factors most influencing 

system profitability and (b) provided a basis for the development of a 

simplified description of the behavior of such systems. The results 

of the study show that, from a technical perspective, economic effici

ency is primarily governed by the incremental energy which the gas 

turbine requires for the production of electricity, herein identified 

as Ae. The Ae factor is shown to be well correlated with and inversely 

proportional to profitability as indicated by the simple and discounted 

paybacks. Based upon manufacturer's data, the Ae factor for 
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commercially available gas turbines may be expected to range from 5,500 

to 9,000 Btu/kWh. 

From a financial standpoint, three variables have been shown 

to exert a primary influence on economic viability. These are the 

system capital cost, the price of fuel, and the value of the cogener

ated electricity. Additionally, the discounted measures of profit

ability are greatly influenced by the escalation rates associated with 

each of these factors. 

The results of the sensitivity study are presented in terms of 

four commonly used methods of assessing economic efficiency. Three of 

these, the simple and discounted paybacks and the internal rate of 

return, have been examined and each has been found to exhibit certain 

weaknesses. Both of the payback indicators are shown to incompletely 

describe life cycle economic performance; the simple payback, in spite 

of its wide use, being particularly deficient. Similarly, the internal 

rate of return is found to give misleadingly optimistic projections of 

potential capital return. Also, in certain cash flow situations, the 

internal rate of return is subject to difficulties in solution. 

Consequently, a fourth indicator, the external rate of return, has been 

described and is recommended as preferable to the previous three, in as 

much as it predicts a more reasonable description of financial 

performance. In addition, it should be stressed that the discounted 

measures of profitability are strongly influenced by the selection of 

the value of the discount rate. Realistically, the discount rate 

should reflect the actual expectation of alternative earning potential 
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and should not be used either to reflect risk or, as is common 

practice, a discriminatory hurdle rate for non-mainstreaminve2tmen~s~ 

The sensitivity study has provided information upon which a 

simplified method of analysis for gas turbine cogeneration is based. 

This method is used to investigate the profitability implications of a 

variety of commonly encountered operational practices. In addition, 

the simplified payback equation, in conjunction with the simulation 

program, has been used to examine regional prospects of gas turbine 

cogeneration through the analysis of current regional electricity and 

natural gas price relationships. 

The economic efficiency of gas turbine cogeneration strongly 

depends upon the site specific natural gas-electric price relationship. 

Since natural gas and electricity prices exhibit regional variations, 

it can be expected that the implementation of these systems will 

exhibit regional bias. Favorable price relationships, consisting of 

relatively high-valued electricity with a low fuel cost, will encourage 

development. 
~ 

The geographic prospects of gas turbine cogeneration have been 

investigated through an examination of natural gas and electric price 

structures for nine regions of the country. Since both natural gas and 

electricity charges depend, in part, upon the type of end user (more 

exactly upon the magnitude of demand) the regional study has been 

differentiated by commercial and industrial use. 

In the regional analysis, fuel costs based upon the reported 

regional average price of natural gas paid by commercial and industrial 
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users during July 1982 were used. Electricity values have been 

selected through an examination of average electricity prices paid by 

industrial and commercial users in a total of 88 cities located 

throughout the nine regions during the same month. Utilizing these 

data, two electric/natural gas price relationships have been defined 

for each region. A 'best case' price structure is defined as the 

user's regional gas price in conjunction with the highest average user 

electric price reported for a city in that region. A 'worst case' 

price structure is defined as the user's regional gas price in con

junction with the lowest average user electric price reported for a 

city in that region. Together the best and worst case price structures 

are assumed to represent the range of price relationships likely to be 

found in any single region. The best and worst case price combinations 

should not be viewed as representing actual combinations paid by users, 

as this mayor may not be the case. 

As expected, the research demonstrates a regional dependence 

of profitability. For the commercial sector, the 'best case' scenario, 

in conjunction with an assumed system price of $l,OOO/kW, results in 

economically efficient cogeneration in all nine regions of the United 

States. Assuming a system cost of $2,000/kW, however, economic 

efficiency is attained in only three regions: Middle Atlantic, East 

North Central and Pacific. Economic efficiency, as defined here, is 

the achievement of a simple payback of 3.0 years or less, a commonly 

cited benchmark of investment acceptability. For the industrial 

sector, the minimum system cost/best price structure scenario results 
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in acceptable payback in all but two regions: West North Central and 

East South Central. The $2,000/kW assumption results in an acceptable 

payback occurring in only two regions: Middle Atlantic and Pacific. 

The lessened profitability in the industrial sector is primarily due to 

the lower average electric prices paid by industrial users. In both 

the commercial and industrial sectors, the Middle Atlantic and Pacific 

regions exhibit the most favorable price relationships. The results of 

the regional analysis should be viewed as a guide to initial assessment 

and expectation of viability for the individual user assuming that 

actual rate structures approximate those used in the study. 

An examination of the effects of cost increases in natural gas 

resulting from the phased price decontrol program has shown that well 

designed gas turbine systems (i.e., Ae factors approximating 5,500 to 

6,000 Btu/kWh) will remain competitive only if electric prices exceed 

8.0 cents/kWh. This conclusion is based upon the assumption that 

natural gas cost reaches price parity per Btu with the current price of 

#2 fuel oil and capital costs in the neighborhood of $1,000/kW can be 

maintained. Under the same assumptions, more expensive installations 

($2,OOO/kW) would require electric prices exceeding approximately 12.5 

cents/kWh. Note that these figures represent price averages which 

reflect the inclusion of any demand and intertie charges. 

The success of cogeneration will depend as much on institu

tional factors as market energy prices. The regulatory incentives 

created for cogeneration as a result of the enactment of the U.S. 

Public Utility Regulatory Policies Act initially created an excessively 
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optimistic outlook for the potential of the technology. This view was 

fostered mainly as a result of the perception of the utilities being 

required to pay to cogenerators avoided costs approximating purchase 

prices (i.e., buyback ratios ~l.O) for purchased electricity. Such has 

not been demonstrated in practice, except in capacity poor regions. 

Essentially, P.U.R.P.A. has only allowed cogeneration to be considered 

by potential users without fear of utility-like regulation and 

excessively discriminatory electric rates. The weakening of tax 

related incentives which can be expected under present administration 

philosophy will make it increasingly difficult to justify marginally 

profitable 'systems. One may also expect continued adjustment in the 

buyback rates to make the installation of systems with generating 

capacity in excess of facility requirements less economically 

attractive. 

In summary, this dissertation should be viewed as providing a 

framework within which the current potential of gas turbine cogener

ation may be e~amined. More importantly, it provides a tool with which 

proposed installations and operational schemes may be examined with 

comparative ease and good accuracy. 

Recommendations for Further Work 

The present research concentrates almost exclusively on the 

performance of the combustion turbine in cogeneration. An important 

extension of this study would be the examination of other cogeneration 

techniques. The simulation program developed for use in the sensitivity 
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study includes rudimentary models for diesel engine and backpressure 

and extraction steam turbine cogeneration systems. These models should 

be extended and verified and their comparative performance investi

gated. In addition, a model of the gas turbine/steam turbine combined 

cycle should be developed ,and applied. Such an extension of the 

simulation program would allow both the investigation of more complex 

multi-demand process load matching schemes and the projection of 

economic performance in systems based upon fuels of considerably lower 

quality than those required by current combustion turbines. 

Beyond the development of more complete systems models, the 

role of electric rate structure in determining system profitability 

should be investigated. In particular, the impact of time

differentiated rates on system economic performance and optimal 

operation. 

The present analysis method employs escalation assumed 

constant over the life of the system. It would be beneficial to 

incorporate variable-by-year escalation and investigate the 

profitability implications of the various energy price projection 

scenarios made by government and independent researchers. 

Additionally, the present simplified model should be modified to 

include energy price escalation rates. 

In a broader sense, there is a potential for the use of 

elements of the current simulation model, namely the process loads, 

electric and fuel rate structure, and economic analysis programs in a 

more general analysis model of new energy technologies. Properly 
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designed, such a generalized model could provide extensive insight to 

both technical and institutional aspects of energy use planning. 



APPENDIX A 

FUNDAMENTAL CONCEPTS OF THE TIME VALUE OF MONEY 

The time value of money is a concept which is fundamental to 

evaluative economics. If an amount of money Po is invested at an 

interest earning rate R for t interest periods, the initial amount will 

yield a future amount F (assuming discrete compounding) given by 

(A.I) 

Conversely the present amount Po required to be invested at R 

in order to yield a specified future amount F may be found from 

Po = pv{F} = F/(I.O+R)t (A.2) 

where pv = 1.O/(1.O+R)t and is referred to as the present value factor. 

Present Value 

The amount Po is commonly referred to as the 'present value' of 

the amount F. It is effectively the current equivalent value of an 

amount to be received (or expended) in the future assuming that the 

current amount could be invested at the interest rate R. The use of 

the present value concept allows future expenditures or receipts to be 

expressed in terms of their present equivalent regardless of when in 

the future they occur. When multiple cash flows occur over the life of 

a project, each expenditure or receipt can be expressed il ~erms of its 

present value. These present values can then be summed to give a 
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single current equivalent representing all cash flows over the project 

life. 

Inflation , 

The present valuing of cash flows occurring over time is 

complicated by the effects of inflation. Inflation is a phenomenon in 

which increases in the prices of commodities result in a reduction in 

the purchasing power of a monetary unit. The rate of inflation, i.e., 

the rate at which prices increase, is reported "in terms of an annual 

percentage that represents the rate at which this year's prices have 

increased over the previous year's prices" (Fabrycky and Thuesen 1980). 

As a result of the inflation rate being defined in this way it contains 

an implicit compounding effect. "Prices which are inflating at 8% per 

year will increase 8% the first year, and for the next year the 

expected increase will be 8% of these new prices" (Fabrycky and Thuesen 

1980). Thus the inflation rate is effectively a compound interest 

factor which can be used to predict the number of current (or real) 

dollars required to purchase a commodity at a future time. 

It should be noted that the term 'inflation' is normally 

applied to an aggregate quantity representing price i.ncreases occurring 

in a broad spectrum of commodities. When examining the temporal price 

characteristics of a single commodity some authors prefer the term 

'escalation' (Leung and Durning 1978). Such a definition has been 

adopted here. The existence of. inflation requires the identification 

of two distinct kinds of monetary units: actual dollars and real 
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dollars. Degarmo, Canada and Sullivan (1979) define these two units as 

follows: 

Actual dollars - the actual number of dollars as of the 
point in time they occur and the usual kind of dollars in 
terms of which people think. 

Real dollars - dollar.s of the same purchasing power as of 
some point in time, regardless of when the corresponding 
actual dollars occur. 

(Degarmo, Canada and Sullivan 1979) 

In the current study all cash flows will be assumed to occur in terms 

of 'Real Dollars.' 

If the periodic escalation rate for a specific commodity 

costing Po per unit now is defined as g, then the number of real 

dollars (R$) required to purchase that same unit t periods in the 

future is given by the expression 

(A. 3) 

Since R$ is an amount of money to be expended some t'time 

periods in the future, the amount of money which must be invested today 

at a compound interest rate R in order to pay for this future 

expenditure may be found using the present value equation previously 

defined. Thus the present value of an expenditure made in the future 

considering inflation is given by 

P = 
~(1.o+g)t 

(1.O+R)t 
Po [1.0+

g
] t 

1.0+R 
(A.4) 

The foregoing relation applies to a single expenditure occur-

ring t time periods in the future. If expenditures recur throughout 
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the lifetime of a project (such as for fuel), then each such 

expenditure must be present valued to year zero (i.e., the present). 

For this case, the total present value of all expenditures over a 

project lifetime equal to N periods will be the sum of the present 

values (SPV) of each expenditure or 

t N 
l: 

t=l 
( l+g) (A.5) 

l+R 

This relationship will be used'extensively throughout the present 

analysis of cogeneration economcis. 

It should be noted that the annual expenditure Po has, in the 

above case, been projected to be constant in year zero dollars over the 

life of the project. If annual expenditures vary during the project 

life, then the above equation would require modification as 

N 
SPV = l: 

t=l 

t 

P(t) (l+g) 
l+R 

(A.6) 

" 

For the cogeneration system, certain expenses will have a 

tendency to increase during the system life. Examples of these types 

of expenditures could include increased yearly operation and mainte-

nance costs as equipment becomes older, or increased fuel costs due t~ 

efficiency degradation. In the present study these changes are assumed 

to be small with respect to the overall expenses such that Eq. A.5 will 

adequately describe the life cycle cost. 
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Capital Recovery Factor 

An additional concept which can prove helpful in the analysis 

of the economics of cogeneration is the capital recovery factor (CRF). 

If an amount A is deposited at the end of each period for N periods at 

a periodic interest rate R, the future amount of the investment will 

accumulate to give (see, for example, Smith 1973) 

F = A «l.O+R)N - 1.0)/R (A.7) 

The present value of this future amount can be found by 

multiplying Eq. A.7 by present value factor for N periods to obtain 

N 
p A «l.+R) -1) (A.B) 

R 

Dividing by A and taking the reciprocal of Eq. A.8, after 

simplification leads to 

CRF = A = R 
p 1.0-(1.~0~+R=)=-~N 

(A.9) 

The above ratio Alp is referred to as the uniform series worth 

of a present sum or the capital recovery factor. It is the factor 

which, "when multiplied by an initial investment gives the uniform 

end-of-year payment necessary to repay the investment in N years at 

interest rate R" (Dickinson and Brown 1979). Multiplying the sum of 

the present values as previously defined by the capital recovery factor 

results in an amount representing the uniform end-of-period payment 

equivalent to the varying time-distributed cash flow. Within the 

analysis, this amount is referred to as the levelized cash flow amount. 
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